


HYDRAULIC
FRACTURING
CHEMICALS AND
FLUIDS
TECHNOLOGY





HYDRAULIC
FRACTURING
CHEMICALS AND
FLUIDS
TECHNOLOGY
Second edition

JOHANNES FINK
University of Leoben
Leoben, Austria



Gulf Professional Publishing is an imprint of Elsevier
50 Hampshire Street, 5th Floor, Cambridge, MA 02139, United States
The Boulevard, Langford Lane, Kidlington, Oxford, OX5 1GB, United Kingdom

Copyright © 2020 Elsevier Inc. All rights reserved.

No part of this publication may be reproduced or transmitted in any form or by any means,
electronic or mechanical, including photocopying, recording, or any information storage and
retrieval system, without permission in writing from the publisher. Details on how to seek
permission, further information about the Publisher’s permissions policies and our arrangements
with organizations such as the Copyright Clearance Center and the Copyright Licensing Agency,
can be found at our website: www.elsevier.com/permissions.

This book and the individual contributions contained in it are protected under copyright by the
Publisher (other than as may be noted herein).

Notices

Knowledge and best practice in this field are constantly changing. As new research and experience
broaden our understanding, changes in research methods, professional practices, or medical
treatment may become necessary.

Practitioners and researchers must always rely on their own experience and knowledge in
evaluating and using any information, methods, compounds, or experiments described herein. In
using such information or methods they should be mindful of their own safety and the safety of
others, including parties for whom they have a professional responsibility.

To the fullest extent of the law, neither the Publisher nor the authors, contributors, or editors,
assume any liability for any injury and/or damage to persons or property as a matter of products
liability, negligence or otherwise, or from any use or operation of any methods, products,
instructions, or ideas contained in the material herein.

Library of Congress Cataloging-in-Publication Data
A catalog record for this book is available from the Library of Congress

British Library Cataloguing-in-Publication Data
A catalogue record for this book is available from the British Library

ISBN: 978-0-12-822071-9

For information on all Gulf Professional Publishing publications
visit our website at https://www.elsevier.com/books-and-journals

Publisher: Joe Hayton
Senior Acquisitions Editor: Katie Hammon
Editorial Project Manager: Danielle McLean
Production Project Manager: Prem Kumar Kaliamoorthi
Designer: Christian Bilbow

Typeset by VTeX

http://www.elsevier.com/permissions
https://www.elsevier.com/books-and-journals


Contents

Preface to the second edition xiii
Preface to the first edition xv
Acknowledgments xvii

1. General aspects 1
1.1. Functional categories of hydraulic fracturing chemicals 1

1.2. Stresses and fractures 3

1.2.1. Fracture initialization pressure 3

1.2.2. Pressure decline analysis 4

1.3. Comparison of stimulation techniques 4

1.3.1. Action of a fracturing fluid 4

1.3.2. Stages in a fracturing job 5

1.4. Simulation methods 5

1.4.1. Productivity 6

1.4.2. Fracture propagation 7

1.4.3. Proppants 7

1.4.4. Fluid loss 8

1.4.5. Foam fluid 8

1.4.6. Discharge control 8

1.5. Testing 9

1.5.1. Proppant placement 9

1.5.2. Slickwater fracturing 9

1.5.3. Erosion 10

1.5.4. Fluid leakoff 10

1.5.5. Damaged well 11

1.5.6. Crosslinked fluids 11

1.5.7. Phase trapping 12

1.5.8. Water imbibition 13

1.6. Special applications 14

1.6.1. Coiled tubing fracturing 15

1.6.2. Tight gas 16

1.6.3. Shale gas 17

1.6.4. Coalbed methane 18

1.7. Shale reservoirs 21

1.8. Hydraulic fracturing with nanoparticles 23

1.8.1. Wellbore sealant using nanoparticles 24

References 24

v



vi Contents

2. Fluid types 29
2.1. Comparison of different techniques 34
2.2. Expert systems for assessment 35
2.3. Oil-based systems 35
2.4. Foam-based fracturing fluids 35

2.4.1. Foam types 36
2.4.2. Shale gas fracturing using a foam-based fracturing fluid 37
2.4.3. Dry foams 38

2.5. Utilization of hydraulic fracturing fluids 39
2.5.1. Chemical degradation of PAM during hydraulic fracturing 39

2.6. Improved thermal stability 40
2.7. Acid fracturing 41

2.7.1. Encapsulated acids 42
2.7.2. In situ formation of acids 42
2.7.3. Fluid loss 42
2.7.4. Gel breaker for acid fracturing 43

2.8. Special problems 43
2.8.1. Corrosion inhibitors 43
2.8.2. Iron control in fracturing 43
2.8.3. Enhanced temperature stability 45
2.8.4. Chemical blowing 45
2.8.5. Frost-resistant formulation 46
2.8.6. Formation damage in gas wells 46

2.9. Characterization of fracturing fluids 47
2.9.1. Rheologic characterization 47
2.9.2. Zirconium-based crosslinking agent 48
2.9.3. Oxidative gel breaker 48
2.9.4. Size exclusion chromatography 48
2.9.5. Assessment of proppants 49

References 49

3. Thickeners 55
3.1. Nanoparticle-enhanced hydraulic fracturing fluids 55
3.2. Thickeners for water-based systems 59

3.2.1. Guar 60
3.2.2. Hydroxyethyl cellulose 63
3.2.3. Biotechnologic products 64
3.2.4. Viscoelastic formulations 65
3.2.5. Miscellaneous polymers 67

3.3. Concentrates 68
3.4. Thickeners for oil-based systems 70

3.4.1. Organic gel aluminum phosphate ester 70



Contents vii

3.4.2. Increasing the viscosity of diesel 70
3.5. Viscoelasticity 71

3.5.1. Viscoelastic thickeners 73
3.5.2. Enhanced shear recovery agents 74

References 75

4. Friction reducers 81
4.1. Incompatibility 81
4.2. Polymers 81
4.3. Environmental aspects 82
4.4. Carbon dioxide-foamed fluids 84

4.4.1. Polymer emulsions 84
4.5. Oil-external copolymer emulsions 85
4.6. Poly(acrylamide) with weak labile links 86
References 87

5. Fluid loss additives 89
5.1. Mechanism of action of fluid loss agents 89

5.1.1. Fluid loss measurement 89
5.1.2. Action of macroscopic particles 90

5.2. Additive chemicals 92
5.2.1. Granular starch and mica 92
5.2.2. Depolymerized starch 93
5.2.3. Controlled degradable fluid loss additives 93
5.2.4. Succinoglycan 94
5.2.5. Scleroglucan 95
5.2.6. Poly(orthoester)s 95
5.2.7. Poly(hydroxyacetic acid) 96
5.2.8. Polyphenolics 97
5.2.9. Phthalimide as a diverting material 97
5.2.10. Viscoelastic additives 98

References 100

6. Emulsifiers 105
6.1. Oil-in-water emulsions 105
6.2. Invert emulsions 106
6.3. Water-in-water emulsions 106
6.4. Oil-in-water-in-oil emulsions 107
6.5. Microemulsions 107
6.6. Solids-stabilized emulsion 108
6.7. Biotreated emulsion 111
References 112



viii Contents

7. Demulsifiers 113
7.1. Basic action of demulsifiers 114

7.1.1. Desired properties 114
7.1.2. Mechanisms of demulsification 114

7.2. Chemicals 114
7.3. Chelating agents 115
References 116

8. Clay stabilization 119
8.1. Properties of clays 119

8.1.1. Swelling of clays 120
8.1.2. Montmorillonite 123
8.1.3. Guidelines 124

8.2. Mechanisms causing instability 124
8.2.1. Kinetics of swelling of clays 125
8.2.2. Hydrational stress 125
8.2.3. Borehole stability model 125
8.2.4. Shale inhibition with water-based muds 126
8.2.5. Inhibiting reactive argillaceous formations 126
8.2.6. Formation damage by fluids 126

8.3. Swelling inhibitors 126
8.3.1. Salts 127
8.3.2. Quaternary ammonium salts 127
8.3.3. Potassium formate 129
8.3.4. Saccharide derivatives 129
8.3.5. Sulfonated asphalt 129
8.3.6. Grafted copolymers 130
8.3.7. Poly(oxyalkylene amine)s 130
8.3.8. Anionic polymers 131
8.3.9. Amine salts of maleic imide 132
8.3.10. Guanidyl copolymer 132
8.3.11. Special clay stabilizers 134

References 135

9. pH control additives 141
9.1. Theory of buffers 141
9.2. pH control 144
References 145

10. Surfactants 147
10.1. Performance studies 147

10.1.1. Multistage hydraulic fracturing 148
10.1.2. Viscoelastic surfactants 148



Contents ix

10.1.3. Cationic surfactants 149
10.1.4. Anionic surfactants 150
10.1.5. Anionic brominated surfactants 153

10.2. Shale colonizing microorganisms 154
10.3. Surfactants for waterless hydraulic fracturing 155
References 155

11. Scale inhibitors 157
11.1. Classification and mechanism 157

11.1.1. Thermodynamic inhibitors 159
11.1.2. Kinetic inhibitors 160
11.1.3. Adherence inhibitors 160
11.1.4. Interference of chelate formers 160

11.2. Mathematical models 160
11.2.1. Optimal dose 161
11.2.2. Precipitation squeeze method 161

11.3. Inhibitor chemicals 162
11.3.1. Water-soluble inhibitors 162
11.3.2. Oil-soluble scale inhibitors 168
11.3.3. High reservoir temperatures 170

References 170

12. Foaming agents 175
12.1. Environmentally safe fluids 176
12.2. Liquid carbon dioxide foams 177
References 178

13. Defoamers 179
13.1. Theory of defoaming 179

13.1.1. Stability of foams 179
13.1.2. Action of defoamers 180

13.2. Classification of defoamers 181
13.2.1. Active ingredients 182

References 184

14. Crosslinking agents 187
14.1. Kinetics of crosslinking 187

14.1.1. Delayed crosslinking 187
14.2. Crosslinking additives 187

14.2.1. Borate systems 187
14.2.2. Titanium compounds 189
14.2.3. Zirconium compounds 191
14.2.4. Guar 192



x Contents

14.2.5. Delayed crosslinking additives 194
References 195

15. Gel stabilizers 199
15.1. Chemicals 199
15.2. Special issues 200

15.2.1. Water softeners 200
15.2.2. Borate reserve 200
15.2.3. Electron donor compounds 201
15.2.4. Effects of pH on gel stability 203

References 203

16. Gel breakers 205
16.1. Gel breaking in water-based systems 205
16.2. Oxidative breakers 206

16.2.1. Hypochlorite salts 206
16.2.2. Peroxide breakers 207
16.2.3. Redox gel breakers 207

16.3. Delayed release of acids 207
16.3.1. Hydroxyacetic acid condensates 208

16.4. Enzyme gel breakers 208
16.4.1. Interactions 209

16.5. Encapsulated gel breakers 209
16.6. Gel breaking of guar 210

16.6.1. Enzyme breaking of guar 212
16.7. Viscoelastic surfactant-gelled fluids 214
16.8. Granules 215

16.8.1. Gel breakers for oil-based systems 215
References 218

17. Biocides 223
17.1. Mechanisms of growth 224

17.1.1. Growth of bacteria supported by oilfield chemicals 224
17.1.2. Mathematical models 224
17.1.3. Sulfate reducing bacteria 226
17.1.4. Bacterial corrosion 227
17.1.5. Methanogens 228

17.2. Performance control 229
17.3. Treatments with biocides 229

17.3.1. Previously fractured formations 229
17.3.2. Intermittent addition of biocide 230
17.3.3. Nonbiocidal control 230



Contents xi

17.4. Special chemicals 231
References 233

18. Proppants 237
18.1. Fluid loss 237
18.2. Tracers 238
18.3. Proppant diagenesis 238
18.4. Propping agents 239

18.4.1. Extrusion process for proppant production 239
18.4.2. Sand 241
18.4.3. Nanoparticle-patterned ceramsites 241
18.4.4. Ceramic particles 241
18.4.5. Electrically conductive proppants 242
18.4.6. Tailoring the surface wettability 243
18.4.7. Slickwater treatment 244
18.4.8. Bauxite 245
18.4.9. Light-weight proppants 245
18.4.10. Porous pack with fibers 247
18.4.11. Coated proppants 247
18.4.12. Antisettling additives 249
18.4.13. Proppant flowback 250

References 251

19. Special compositions 255
19.1. Heat generating system 255

19.1.1. Microencapsulation of oxalic acid via coacervation 256
19.2. Crosslinkable synthetic polymers 257
19.3. Single-phase microemulsion 257
19.4. Crosslinking composition 258
References 258

20. Environmental aspects 259
20.1. Risk analysis 259

20.1.1. Environmental contamination and toxicity 260
20.1.2. Classification of hydraulic fracturing chemicals 265
20.1.3. Analysis methods 279

20.2. Treatment methods 293
20.2.1. Natural attenuation of nonionic surfactants 293
20.2.2. Visible light photocatalysis 294
20.2.3. Biological treatment of produced water 294
20.2.4. Biodegradation in agricultural topsoil 296
20.2.5. Aerobic biodegradation of organic compounds 298
20.2.6. Microbial electrochemical cells 299



xii Contents

20.2.7. Iron–biochar composites 299
20.2.8. Estrogen and androgen receptor activity 301
20.2.9. Produced water treatment 307

20.3. Contaminated water reclaim 314
20.3.1. Waste water from hydrofracturing 315
20.3.2. Phosphorus recovery in flowback fluids 317

20.4. Green formulations 317
20.4.1. Biodegradable chelants 317
20.4.2. Nontoxic flowback formulation 318
20.4.3. Crosslinking agents 318

20.5. Self-degrading foaming composition 318
References 320

Index 331



Preface to the second edition

The first edition of this text appeared in 2013. In the second edition, the
recent literature has been included, so the text is now updated up to 2019.
The emerging basic issues here are environmental contamination and toxi-
city, treatment methods of waste materials, and methods of usage.

J.K.F.

xiii



Preface to the first edition

This manuscript focuses on the recent developments in fracturing fluids
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issues of fracturing, the text focuses mainly on the organic chemistry of
fracturing fluids.

The nature of the individual additives and an explanation why the indi-
vidual additives act in the desired way are explained. The material presented
here is a compilation from the literature, including patents. In addition, as
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dealt in detail.

How to use this book
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CHAPTER 1

General aspects
Hydraulic fracturing is a technique used to stimulate the productivity of a
well. A hydraulic fracture is a superimposed structure that remains undis-
turbed outside the fracture. Thus the effective permeability of a reservoir
remains unchanged by this process.

The increased wellbore radius increases its productivity, because a large
contact surface between the well and the reservoir is created.

1.1 Functional categories of hydraulic fracturing chemicals

The functional categories of hydraulic fracturing chemicals are presented
in Table 1.1.

Table 1.1 Functional categories of hydraulic fracturing chemicals [1,2].

Category Technical use Example compounds

Acids To achieve greater injection ability
or penetration and later to dissolve
minerals and clays to reduce clog-
ging, allowing gas to flow to the
surface.

Hydrochloric acid

Biocides To prevent bacteria that can erode
pipes and fittings and to break
down gellants that serve to ensure
that fluid viscosity and proppant
transport are maintained.

1-Methyl-
4-isothiazolin-3-one,
bronopol,
glutaraldehyde

Breakers To allow the breakdown of gel-
lants used to carry the proppant;
these are added near the end of
the hydraulic fracturing sequence
to enhance flowback.

Ammonium persulfate,
magnesium peroxide

Clay stabilizers To create a fluid barrier to pre-
vent mobilization of clays, which
can plug fractures.

Tetramethyl
ammonium chloride,
sodium chloride

Hydraulic Fracturing Chemicals and Fluids Technology
https://doi.org/10.1016/B978-0-12-822071-9.00008-6
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Table 1.1 (continued)

Category Technical use Example compounds

Corrosion in-
hibitors

To reduce the potential for rusting
in pipes and casings.

Ethoxylated
octylphenol and
nonylphenol,
isopropanol

Crosslinkers To thicken fluids, often with
metallic salts, in order to increase
viscosity and proppant transport.

Ethylene glycol,
sodium tetraborate
decahydrate, petroleum
distillate

Defoamers To reduce foaming after it is no
longer needed in order to lower
surface tension and allow trapped
gas to escape.

2-Ethylhexanol, oleic
acid, oxalic acid

Foamers To increase carrying capacity
while transporting proppants and
decreasing the overall volume of
fluid needed.

2-Butoxyethanol,
diethylene glycol

Friction reduc-
ers

To make water slick and mini-
mize the friction created under
high pressure and to increase the
rate and efficiency of moving the
hydraulic fracturing fluid.

Acrylamide, ethylene
glycol, petroleum
distillate, methanol

Gellants To increase viscosity and suspend
sand during proppant transport.

Propylene glycol, guar
gum, ethylene glycol

pH controllers To maintain the pH at various
stages with buffers to ensure max-
imum effectiveness of various ad-
ditives.

Sodium hydroxide,
acetic acid

Proppants To hold fissures open, allowing gas
to flow out of the cracked for-
mation; usually composed of sand
and occasionally glass or ceramic
beads.

Styrene, crystalline
silica, ceramic, graphite

Scale inhibitors To prevent buildup of mineral
scale that can block fluid and gas
passage through the pipes.

Acrylamide, sodium
polycarboxylate

Surfactants To decrease liquid surface tension
and improve fluid passage through
pipes in either direction.

Naphthalene,
1,2,4-trimethylbenzene,
ethanol, methanol,
2-butoxyethanol
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1.2 Stresses and fractures

Hydraulic fracturing is one of the newer techniques in petroleum sciences;
it has only been used for approximately 60 years. The classic treatment of
hydraulic fracturing states that the fractures are approximately perpendicular
to the axis of the least stress [3]. For most deep reservoirs, the minimal
stresses are horizontal, hence vertical stresses will occur in fracturing.

The actual stress can be calculated by balancing the vertical geostatic
stress and the horizontal stress by the common tools of the theory of elastic-
ity. For example, the geostatic stress must be corrected in a porous medium
filled with a liquid having a poroelastic constant and hydrostatic pressure.
The horizontal stress can be calculated from the corrected vertical stress
with the Poisson ratio. Under some circumstances, in particular in shallow
reservoirs, horizontal stresses can be created, as well as vertical stresses. The
possible stress modes are summarized in Table 1.2.

Table 1.2 Modes of stresses in fractures.

pb Fracture initialization pressure

3sH,min Minimal horizontal stress

sH,max Maximal horizontal stress

(= minimal horizontal stress + tectonic stress)

T Tensile strength of rock material

p Pore pressure

1.2.1 Fracture initialization pressure
Knowledge of the stresses in a reservoir is essential to find the pressure
at which initiation of a fracture can take place. The upper bound of this
pressure can be estimated using a formula given by Terzaghi [4], which
states that

pb = 3sH,min − sH,max + T − p. (1.1)

The variables are explained in Table 1.2. The closure pressure indicates the
pressure at which the width of the fracture becomes zero. This is normally
the minimal horizontal stress.
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1.2.2 Pressure decline analysis
The pressure response during fracturing provides important information
about the success of the operation. The fluid efficiency can be estimated
from the closure time.

1.3 Comparison of stimulation techniques

In addition to hydraulic fracturing, there are other stimulation techniques,
such as acid fracturing or matrix stimulation, and hydraulic fracturing is
also used in coal seams to stimulate the flow of methane. Fracturing fluids
are often divided into water-based, oil-based, alcohol-based, emulsion, or
foam-based fluids. Several reviews are available in the literature dealing with
the basic principles of hydraulic fracturing, and the guidelines that are used
to select a formulation for a specific job [5–7].

Polymer hydration, crosslinking, and degradation are the key processes
that these materials undergo. Technological improvements over the years
have focused primarily on improved rheological performance, thermal sta-
bility, and cleanup of crosslinked gels.

1.3.1 Action of a fracturing fluid
Fracturing fluids must meet a number of requirements simultaneously. They
must be stable at high
• temperatures,
• pumping rates, and
• shear rates.

These severe conditions can cause the fluids to degrade and prematurely
settle out the proppant before the fracturing operation is complete. Most
commercially used fracturing fluids are aqueous liquids that have been ei-
ther gelled or foamed.

Typically, the fluids are gelled by a polymeric gelling agent. The thick-
ened or gelled fluid helps keep the proppants within the fluid during the
fracturing operation. Fracturing fluids are injected into a subterranean for-
mation for the following purposes [8]:
• to create a conductive path from the wellbore extending into the for-

mation and
• to carry proppant material into the fracture to create a conductive path

for produced fluids.
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1.3.2 Stages in a fracturing job
A fracturing job has several stages, including injecting a prepad, a pad, and
a proppant containing fracturing fluid, and finally, a treatment with flush
fluids. A prepad is a low-viscosity fluid used to condition the formation,
which may contain fluid loss additives and surfactants and have a defined
salinity to prevent formation damage. The generation of the fractures takes
place by injecting the pad, a viscous fluid, but without proppants.

After the fractures develop, a proppant must be injected to keep them
permeable. When the fracture closes, the proppant left there creates a large
flow area and a highly conductive pathway for hydrocarbons to flow into
the wellbore. Thus, the proppant is utilized to maintain an open fracture.
Viscous fluids are utilized to transport, suspend, and eventually allow the
proppant to be trapped inside the fracture. These fluids typically exhibit a
power law behavior for the range of shear rates encountered in hydraulic
fracturing treatments.

A uniform proppant distribution is needed in order to get a uniformly
conductive fracture along the wellbore height and fracture half-length, but
the complicated nature of proppant settling in non-Newtonian fluids often
leads to a higher concentration of proppant in the lower part of the frac-
ture. This often leads to a lack of adequate proppant coverage of the upper
portion of the fracture and the wellbore. Clustering of proppant, encapsula-
tion, bridging, and embedment are all phenomena that lower the potential
conductivity of the proppant pack [9].

The job ends eventually with a cleanup stage, in which flush fluids and
other cleanup agents are applied. The actual detailed time schedule depends
on the particular system used.

After the completion the fluid viscosity should decrease to allow the
placement of the proppant and a rapid fluid return through the fracture.
It is important to control the time at which the viscosity break occurs. In
addition, the degraded polymer should produce little residue to restrict the
flow of fluids through the fracture.

1.4 Simulation methods

The estimation of the fracture geometry is one of the most difficult tech-
nical challenges in hydraulic fracturing technology [10].

A discrete element simulation for the hydraulic fracture process in a
petroleum well that takes into account the elastic behavior of the rock and
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the Mohr–Coulomb fracture criterion has been presented [11]. The model-
ing of the rock was done as an array of Voronoi polygons joined by elastic
beams that are submitted to tectonical stresses and the hydrostatic pressure
of the fracturing fluid. The fluid pressure is treated similar to that of a hy-
draulic column. The results show that the simulation process follows a real
situation.

A three-dimensional nonlinear fluid solid coupling finite element model
was established based on the finite element software ABAQUS [10]. The
staged fracturing process of a horizontal well in the Daqing Oilfield, China
was simulated with the model, taking account perforation, the wellbore,
cement casing, one pay zone, two barriers, microannulus fracture, and
transverse fracture.

These experimental data were used in numerical computation. Mi-
croannulus fracture and transverse fracture are generated simultaneously and
a typical T-shaped fracture occurs at the early stage of treatment history,
then the microannulus disappears and only the transverse fracture remains
and propagates.

The pore pressure distribution in the formation and the fracture con-
figuration during the treatment history can be obtained. The evolution of
bottomhole pressure as the direct output of simulation coincides with the
experimental data [10].

1.4.1 Productivity
A model has been developed that calculates the productivity of a hydrauli-
cally fractured well, including the effect of fracture face damage caused by
fluid leakoff [12].

The results of this model have been compared with three previous mod-
els. These models assume either elliptical or radial flow around the well,
with permeability varying azimuthally. Significant differences in the calcu-
lated well productivity indicate that earlier assumptions made regarding the
flow geometry can lead to significant overestimates of the well productivity
index.

An agreement with the analytical solution given by Levine and Prats
[13] has been shown for finite-conductivity fractures and no fracture dam-
age.

The simple and discrete nature of the model makes it ideal for imple-
mentation in spreadsheets and to connect to fracture performance models.
Cleanup of the damage in the invaded zone depends on the capillary prop-
erties of the formation and the pressure applied across the damaged zone
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during production [12]. It has also been found that the invaded zone will
cause a significant damage when the permeability of the damaged zone is
reduced by more than 9%.

1.4.2 Fracture propagation
The propagation of a two-dimensional preexisting fracture in permeable
rock by the injection of a viscous, incompressible Newtonian fluid has
been modeled [14]. In particular, the method of Fitt [15] for the solu-
tion of hydraulic fracturing in an impermeable rock has been extended to
a permeable rock.

The fluid flow in the fracture is assumed to be laminar. By the ap-
plication of the lubrication theory, a partial differential equation relating
the half-width of the fracture to the fluid pressure and leakoff velocity has
been derived. The solution of this equation yields the leakoff velocity as a
function of the distance along the fracture and time. The group-invariant
solution is derived by considering a linear combination of the Lie point
symmetries. The boundary value problem has been reformulated as a pair
of initial value problems. The model in which the leakoff velocity is pro-
portional to the fracture half-width is considered [14].

A model of a hydraulic fracture with a tip cohesive zone according to
the Barenblatt approach [16] has been presented [17]. The particular case
of an inviscid fracturing fluid and impermeable rock has been studied. An
inviscid fluid is assumed to have zero viscosity. It has been proved that as-
suming finite cohesive stresses, the cohesive zone length cannot also exceed
a certain limit. The limit form of the cohesive zone is obtained, and the
limit fracture toughness is thus evaluated. The effective fracture toughness
tends to the limit value with power of −0.5.

1.4.3 Proppants
The proppant is the most critical issue of a fracture treatment for a well, as
it largely defines the ultimate deliverability. The most efficient and effective
fracture stimulation designs create an optimal effective fracture area. This is
the area of a created fracture with enough conductivity contrast to promote
an accelerated drainage of the reservoir [18].

A strong correlation was observed among all the designs between the
effective fracture area and predicted cumulative production of 360 days. The
cumulative production was significantly less sensitive to the conductivity of
the fracture than to the effective area of the fracture. Stimulation designs
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employing proppant partial monolayers can be competitive or less costly
than fracture jobs that use conventional proppants.

1.4.4 Fluid loss
The modeling of the fluid loss is important for planning a fracturing job and
analysis of the finished process. Due to its complexity, theoretical models are
set up rather with difficulties, because many of the parameters are difficult
or impossible to evaluate.

Empirical and semiempirical models have been set up. Testing protocols
also influence the quality of the data on which these models are based.
Some of the currently used models have been reviewed and two different
models have been proposed that provide better fits to the available data than
the previous models [19].

1.4.5 Foam fluid
A numerical simulation study on the rheology of a foam fluid was car-
ried out by treating the inner phase as a granular fluid using the mixture
model [20]. The results of the simulation show that the gas phase is well dis-
tributed. The higher the foam quality is, the higher is the velocity gradient
near the wall.

In the case of turbulence, both the turbulent kinetic energy and the
viscosity increase as the foam quality increases. At a foam quality of 63%
the rheology of the foam fracturing fluid changes sharply.

The results of the simulation indicate that the mixture model is more
applicable and effective to the region where foam quality is more than 63%
[20].

1.4.6 Discharge control
A control and inspection system has been designed which enables the frac-
ture fluid discharge to orderly avoid certain disadvantages such as pressure
vibration and sand-back, as found sometimes when a manual control is used
[21].

A computer program is used as the interface for conversation between
man and machine. The program is designed and used as an online control
equipment gathering pressure and flux parameters and control of valve state
and status display. In this way the best method of discharging a fracturing
fluid is utilized. Actual results have been exemplary presented.
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1.5 Testing

1.5.1 Proppant placement
In hydraulic fracturing treatments, a fracture is initiated by rupturing the
formation at high pressure by means of a fracturing fluid. Slurry, composed
of propping material carried by the fracturing fluid, is pumped into the
induced fracture channel to prevent fracture closure when fluid pressure is
released.

The improvement in productivity is mainly determined by the propped
dimension of the fracture, which is controlled by the transport of the prop-
pant and a proper placement of the proppant. Settling and convection are
the controlling mechanisms of the placement of the proppant. The prop-
pant transport and the placement efficiency using non-Newtonian fluids
was experimentally investigated and numerically simulated.

A small glass model was used to simulate the hydraulic fracture and
additional parameters, such as slurry volumetric injection rate, proppant
concentration, and the rheology properties arising from the polymer [22].
Small glass models can easily and inexpensively simulate the flow patterns
in hydraulic fractures. The observed flow patterns are strikingly similar to
those obtained by very large flow models.

When the ratio of viscous energy to gravitational energy increases the
settling decreases and the efficiency of proppant placement increases. An
enhanced non-Newtonian flow behavior index results in less efficiency of
proppant placement.

1.5.2 Slickwater fracturing
Low-damage fracturing fluids are normally used for better fracture dimen-
sion confinement and lower residue. This leads not only to longer fracture
lengths, but also to higher fracture conductivity. The slickwater fracturing
technology, developed in the 1980s, is less expensive than gel treatments.

Fluid and proppant volumes can be reduced, and treatment flow rates
can be increased significantly. When compared to conventional gel treat-
ments, slickwater fracturing can generate similar or better production re-
sponses [23].

Slickwater fracturing has been increasingly applied to stimulate uncon-
ventional shale gas reservoirs [24]. In comparison to crosslinked fluids,
slickwater used as a fracturing fluid has several advantages, including low
cost, a higher possibility of creating complex fracture networks, less forma-
tion damage, and ease of cleanup.



10 Hydraulic Fracturing Chemicals and Fluids Technology

An enormous amount of water is injected into the formation during
the treatment. Even with a good recovery of injected water from flowback,
large quantities of water are still left within the reservoir.

The dynamics of the water phase both within the created hydraulic frac-
tures and the reactivated natural fractures have a significant impact on the
effectiveness of the treatment. It is controlled by the relative permeability,
capillary pressure, gravity segregation, and the fracture conductivity.

Reservoir simulation models have been used to investigate the changes
of the distribution of the water saturation in the fractures during produc-
tion. Water imbibitions caused by capillary pressure and gravity segregation
can play important roles in distribution of the water saturation, in particular
during extended shutin, which in turn affects the gas flow [24].

1.5.3 Erosion
Erosion phenomena are common in the petroleum industry. Damages of
material occur frequently in high-pressure pipelines in the course of hy-
draulic fracturing [25]. With increasing operation times, the erosion and
corrosion defects on the inner surface of the pipeline result in serious ma-
terial loss and thus in a failure of the equipment.

A device to simulate the erosive wear behavior of metal materials caused
by a fracturing fluid has been developed [25]. The erosion failure mech-
anism caused by various parameters, such as velocity of multiphase flow,
fracturing proppant, and impact angles, has been investigated. Also, micro-
cosmic surface testing was also used to analyze the erosion failure mecha-
nism of metal materials at high-pressure pipelines.

1.5.4 Fluid leakoff
While a hydraulic fracture is propagating, fluid flow and associated pressure
drops must be accounted for both along the fracture path and also perpen-
dicularly, into the formation that should be fractured [26]. Fluid leakoff is
the main factor that governs the crack length.

To find an effective approach for the mathematical description of this
phenomenon, the thin crack can be represented as the boundary condition
for pore pressure spreading in the formation. Such a model was already used
for the conduction of heat into a rock formation from a seam in the course
of injection of hot water.

A solution for a linearized form of equations has been presented that
allows the application of an integral transformation. The resulting analytical
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solution of the equations includes some integrals that can be calculated
numerically.

This model allows a rigorous tracking of the created fracture volume,
leakoff volume, and increasing fracture width. The model is advantageous
over discrete formulations and allows in-time calculations of the resulting
fracture dimensions during the injection of the fracturing fluid [26].

1.5.5 Damaged well
A detailed description of the conditions in the hydraulically damaged frac-
ture environment after closure and how to integrate it into a reservoir
simulation model has been presented [27].

A special algorithm for the initialization was developed and tested in a
support tool to allow the computing of postfracture performance in tight
gas formations by a reservoir simulator.

To represent the fracture geometry and properties, the information
about the distribution of the proppant concentration in the fracture as well
as the fracture width variation was translated into the permeabilities and
porosities of the fracture gridblocks.

The fracture propagation in the course of the fracturing period under
consideration of the leakoff processes was modeled. The penetration of the
fracturing fluid into the matrix was modeled by using the Buckley–Leverett
equations for a two-phase immiscible displacement [27].

1.5.6 Crosslinked fluids
The rheology and convective heat transfer characteristics of borate-
crosslinked guar and borate-crosslinked foam fracturing fluid has been
assessed by conducting experiments on a large-scale test loop at 30 MPa
[28].

The results indicate a severe chemical degradation of borate-crosslinked
guar at elevated temperatures. When the temperature was higher than the
threshold value, the crosslinking agent was almost disabled and the guar was
no longer crosslinked. Also, the viscosity of the borate-crosslinked foam
fracturing fluid was proportional to the increment of the quality of the
foam. This is inversely proportional to the increase in temperature.

The influence of the fluid behavior index on the velocity gradient of
non-Newtonian fluid at the wall is substantial. A negative temperature-
dependent convective heat transfer coefficient is found.

The contribution of shear-induced bubble-scale microconvection sig-
nificantly contributes to the heat transfer enhancement of a foam fluid.
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Correlations between the viscosity and the convective heat transfer co-
efficient of the borate-crosslinked guar and the foam fracturing fluid were
established [28].

1.5.7 Phase trapping
Displacement pressure difference and initial water saturation are two key
factors of evaluating water phase trapping damage under a given reser-
voir situation [29]. Requiring a high displacement pressure to drive liquid
through a tight rock, the conventional method has difficulty in measuring
very small liquid flow rates. Besides, there exists a strongly advantageous
flow path selectivity phenomenon, causing a situation where the water ex-
isting in those thinner pores cannot be moved effectively. As a result, the
irreducible water saturation is high after oil displacing water, thus leading
to an overestimated oil permeability damage from water phase trapping.

A high back pressure displacement method has been presented for the
establishment of initial water saturation and the measurement of liquid per-
meability of core samples from tight oil reservoirs [29]. The damage of
water phase trapping using this method was compared with the results that
were obtained by a conventional method. According to the reservoir fluid
flow situation, pore pressure and downstream pressure were simulated by
the operation of back pressure.

The results showed that an average initial water saturation of 46.2%
was established by the conventional method. However, the saturation es-
tablished with the use of the new method was only 29.9%, which was
consistent with the results from sealed core data of the reservoir. The oil
permeability damage derived from water phase trapping was estimated as
an average of 37.0% with the conventional method while it was 21.8% by
the new method. The conventional method overestimated the damage of
water phase trapping at 41.4% [29].

Aqueous phase trapping often occurs when water-based fluids are used
for drilling, completion, and stimulation operations [30]. Aqueous phase
is known to lower the productivity of the tight gas sandstone reservoirs
significantly.

The use of surfactants is commonly recommended for mitigating the
formation damage due to ubiquitous aqueous phase trapping in these reser-
voirs. However, mechanisms by which surfactants help to remove the for-
mation damage due to aqueous phase are currently not fully understood.

The mechanisms of the trapped aqueous phase removal from the tight
gas sandstone formations were investigated by considering the effect of
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surfactants on the wettability alteration, the work of adhesion, and the ap-
parent water film thickness.

Theoretical methods suggest that furthermore the larger the contact
angle that the drop of water creates with the reservoir rock surface is, the
less energy is required for producing gas to displace the water from the
reservoir [30].

A maximum increase in the contact angle was obtained when 0.05%
cationic surfactant solution was used. Results from other experimental
work have shown that the 0.05% cationic surfactant solution was conducive
to reduce the work of adhesion, the water saturation, and the apparent wa-
ter film thickness, thereby effectively removing the aqueous phase trapping
damage and regaining rock permeability. Surfactants are becoming more
effective in removing the trapped aqueous phase as the drawdown pressure
increases [30].

1.5.8 Water imbibition
Spontaneous imbibition in shale is commonly observed during and after
hydraulic fracturing. This mechanism greatly influences hydrocarbon re-
covery in shale [31]. The recent advances in shale spontaneous imbibition
have been reviewed from three aspects, i.e., conventional spontaneous im-
bibition models, common experimental methods, and key mechanisms that
need to be focused on [31].

The water uptake of gas shales is critical for designing and optimizing
hydraulic fracturing operations during which a large volume of fractur-
ing water containing dissolved oxygen is injected into tight reservoirs [32].
Recent studies showed that the dissolved oxygen may promote certain ox-
idation reactions, which can affect the salinity and the pH of the flowback
water. However, the effects of dissolved oxygen and oxidation reactions on
water imbibition into the shale matrix and on the concentration of indi-
vidual ions in flowback water are still poorly evaluated.

Water imbibition experiments were conducted under degassed and oxic
conditions. The imbibed water mass and the concentrations of different
ions in water were measured. The results of the study showed that the
initial rate and final amount of water imbibition were higher under degassed
conditions compared with that under oxic conditions. These differences are
mainly due to the enhanced dissolution of air in the shale pore network into
the imbibing water under degassed conditions and the consequent increase
in the relative permeability of water.
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The results of the study also suggested that the oxidation of pyrite by
dissolved oxygen produces sulfate and iron ions. The abundance of pores in
the vicinity of pyrite minerals provides a pyrite-, water-, and oxygen-rich
environment which favors the oxidation of pyrite [32].

The main influence factors, such as the permeability, clay content,
fracturing fluid type, capillary pressure, wetting angle, and fracture were
systematically investigated based on a guar gum fracturing fluid and the
slickwater fracturing fluid both commonly used in the Ordos basin [33].

The results of the study showed that the clay content was the key fac-
tor to control capillary imbibition and osmosis, and the linear relationship
between the volume of imbibed fluid and clay content of core sample was
observed. In addition, for the loss of fracturing fluid, the important control
factors were capillary imbibition and osmotic force. The capillary imbibi-
tion was 4.7 times the imbibed mass of osmotic absorption, and the guar
gum fracturing fluid was 2 times the imbibition rate of slickwater frac-
turing fluid. These results indicate that the reservoir rock with fracture is
advantageous to oil recovery in the imbibition process [33].

Surfactant-enhanced spontaneous imbibition is an effective method to
enhance the oil recovery in shale reservoirs [34]. The effect of added sur-
factants on the spontaneous imbibition was investigated in shale rocks using
NMR tests. Contact angles and IFT were measured to evaluate the effi-
ciency of different surfactants in terms of wettability alteration and IFT
reduction.

According to the experimental results, the studied anionic surfactants
perform better on the wettability alteration of shale rocks than studied non-
ionic surfactants, and the key factor to enhance the shale oil recovery may
be wettability alteration [34].

1.6 Special applications

Unconventional gas reservoirs, including tight gas, shale gas, and coalbed
methane, are becoming a critically important component of the current
and future gas supply [35].

However, these reservoirs often present unique stimulation challenges.
The use of water-based fracturing fluids in low-permeability reservoirs may
result in a loss of effective fracture half-length caused by phase trapping
associated with the retention of the introduced water into the formation.

This problem is still increased by the water-wet nature of most tight
gas reservoirs, because of the strong spreading coefficient of water in such
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a situation. The retention of increased water saturation in the pore system
can restrict the flow of gaseous hydrocarbons, such as methane.

Capillary pressures of 10–20 MPa or higher can be present in low-
permeability formations at low water saturation. Furthermore, the use of
water in unsaturated reservoirs may also reduce the permeability and thus
the gas flow by a continuous increase in water saturation of the reservoir.
Compositions of liquid petroleum gas and a volatile hydrocarbon fluid may
be helpful for phase trapping of water [35].

1.6.1 Coiled tubing fracturing
The success of coiled tubing fracturing in shallow wells has increased the
interest in using coiled tubing also for fracturing deeper and hotter wells
[36].

The key performance requirements of a coiled tubing fracturing fluid
for deeper wells are low frictional pressure loss and an adequate proppant
carrying capability after exposure to high-shear zones and high tempera-
tures.

The results of pilot-scale and field-scale testing have been presented
[36]. These studies resulted in the development of an optimized coiled
tubing fracturing fluid.

Polymer-based fracturing fluids can be controllably delayed to have low
frictional pressure loss through the curved coiled tubing unit and also
through a straight tubing. However, the stability of the fluid can be re-
duced significantly when the fluid is pumped through a tubing with a small
diameter and subsequently through high-shear zones.

A correct selection of the fluid is required to meet the requirements in
these environments. A successful formulation of a fluid needs to balance
the limitations of frictional pressure loss with the maximum rheological
stability of the fluid.

Hydrajet fracturing
Hydrajet fracturing with coiled tubing is a unique technology for low-
permeability horizontal and vertical wells. This method uses fluids under
high pressure to initiate and accurately place a hydraulic fracture without
packer, saving operating time and lowering operating risk.

A hydrajet fracturing tool has been described in the literature [37].
During the fracturing process the fracturing tool is positioned within a for-
mation to be fractured and fluid is then jetted through the fluid jet against
the formation at a pressure sufficient to cut through the casing and cement
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sheath and form a cavity therein. The pressure must be high enough to also
be able to fracture the formation by stagnation pressure in the cavity.

A high stagnation pressure is produced at the tip of a cavity in a forma-
tion being fractured because of the jetted fluids being trapped in the cavity
as a result of having to flow out of the cavity in a direction generally oppo-
site to the direction of the incoming jetted fluid. The high pressure exerted
on the formation at the tip of the cavity causes a fracture to be formed and
extend some distance into the formation.

In certain situations, a propping agent is suspended in the fracturing
fluid which is deposited in the fracture. The propping agent may be a gran-
ular substance such as, for example, sand grains, ceramic or bauxite or other
man-made grains, walnut shells, or other material carried in suspension by
the fracturing fluid. The propping agent functions to prevent the fractures
from closing and thereby provides conductive channels in the formation
through which produced fluids can readily flow to the wellbore. The pres-
ence of the propping agent also increases the erosive effect of the jetting
fluid [38].

The mechanisms of hydrajet perforation and hydrajet fracture initiation
have been studied [39]. Frictions for one kind of fracturing fluid in coiled
tubing have been computed to determine the pump pressure and flow rate
for field testing.

By comparison of theory and practice it has been proven that the theo-
retical calculation and field-testing data of hydraulic parameters are basically
identical. It has been also proven that the tools meet the requirements of
field testing [39].

1.6.2 Tight gas
Hydraulic fracturing is one of the best technologies to improve the produc-
tivity from tight gas wells [40]. In such low-permeability reservoirs, careful
consideration must be given to the proper selection of the fracturing fluid.

Some reservoirs are underpressured and require the use of energized flu-
ids, while others are sensitive to water-based fluids because of clay swelling
and migration. Proppant pack damage because of gel residue is one of the
primary causes of low production rates after hydraulic fracturing treatments.
In order to minimize the damage and to maximize the production, a new
premium, highly efficient fracturing fluid has been developed.

This system is composed from carboxymethyl guar in small amounts
and a zirconium crosslinking agent. The delay time of crosslinking can be
adjusted, which makes the fluid ideal for deep-well fracturing and coiled
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tubing treatment since the frictional pressure losses can be minimized. The
system can be energized or foamed with carbon dioxide and nitrogen or
may also be used in binary foam systems. Case histories have been presented
[40].

Energized fluids such as carbon dioxide foam or commingled carbon
dioxide fluids are predominantly used for the optimization of the backflow
and the proppant transport.

Cold fracturing fluids have a strong cooling effect in the fracturing pro-
cess mainly in rock stress reduction; however, these kinds of fluids should
be precisely evaluated in terms of thermal stress effect, cleanup process, and
proppant movement [41]. A cold water fluid has been tested successfully
in geothermal reservoirs. This stimulation technique is successful in these
fields but not in tight gas reservoirs.

The use of liquid carbon dioxide as a fracturing fluid offers a viable
method of stimulation. The successful application of these fluids to a variety
of formations in the USA was shown. The process has proven to be an
economical alternative to conventional stimulation fluids.

Liquid nitrogen can also be used in limited cases. From these results it
can be concluded that liquid carbon dioxide seems to be the most efficient
fracturing fluid for tight gas stimulations.

The coupling of the cold fracture technology with underground carbon
dioxide capture and storage is an interesting promising alternative possibility
[41].

1.6.3 Shale gas
A method has been described for the in situ production of oil shale and
gas hydrates wherein a network of fractures is formed by injecting liquified
gases into a horizontally disposed fracturing borehole. Heat is thereafter
applied to liquify the kerogen or to dissociate the gas hydrates so that shale
oil or gases can be recovered from the fractured formations [42].

Liquid nitrogen injected at a fracturing pressure of 500 psi will increase
its volume 14-fold at a temperature of −60◦C (−75◦F). If, however, no
increase in fracture volume occurs, the expansion pressure would increase
to approximately 7,000 psia at this temperature.

The utilization of water as a heating agent is important because the
injection of the water will replace the void spaces created by the dissociation
of the gas hydrate and the shrinking of the hydrate ice and will also prevent
possible slumping of the hydrate beds [43].
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After injection, the heated water will dissociate the gas hydrate and the
gas will migrate downward through the created fracture system to the lower
production borehole and into the casing annulus and thence to the surface.

The required energy to heat the water can be supplied by the com-
bustion of the produced gas in fuel steam generators. The injection of the
hot water should occur into the top of the gas hydrate zone to permit
the injected water to migrate downward so that no old water would steal
heat from the new water being injected, as would occur if injection was
instigated from the lower zone.

The hydrostatic pressure and increased injection pressure, with a lower
production borehole pressure, would force the liberated gas to flow down-
ward rather than upward from the buoyancy factor [43].

1.6.4 Coalbed methane
The production of natural gas from coal typically requires a stimulation with
hydraulic fracturing. Basic studies on the effectiveness of various treatment
methods for coal beds have been presented in the literature [44,45].

Treating a coal seam with a well treatment fluid containing a dewatering
agent will enhance the methane production through a well. This additive
enhances the permeability of the formation to water production and binds
tenaciously to the coal surface so that the permeability enhancement ben-
efits are realized over a long production term.

Dewatering surfactants can be poly(oxyethylene), poly(oxypropylene),
and poly(ethylene carbonate)s [46] or p-tert′′-amylphenol condensed with
formaldehyde, or they can be composed of a copolymer from 80–100%
alkyl methacrylate monomers and hydrophilic monomers [47]. Selected
compounds for this purpose are shown in Fig. 1.1.

Such a well treatment fluid may be used in both fracturing and com-
petition operations to enhance and maintain fracture conductivity over an
extended period of production.

Active water and plant gum fracturing fluids are widely used for coalbed
methane in China [48]. However, there are limitations due to poor rhe-
ological properties, high content of water-insoluble substances, and high
residual content.

A gel fracturing fluid was used that is composed of nonionic poly(acry-
lamide), ZrOCl2 as crosslinking agent, a pH modifier, a gel breaker with
(NH4)2S2O8, and an activator. This formulation was used in a low-
temperature (20–40◦C) and low-permeability coalbed methane reservoir.
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Figure 1.1 Monomers for dewatering.

This type of gel fracturing fluid has the advantages of easy preparation,
low cost, strong shearing resistance capacity, low filtration coefficient, rapid
break, lack of residual after gel breaking, and ease of flowback. Further, the
performance of gel fracturing fluid is superior to that of active water and
vegetable gum, and it is very suitable for use as a fracturing treatment in
coalbed methane at low temperatures [48].

Traditional hydraulic fracturing has become an effective stimulation
method for the extraction of coalbed methane and has attained many re-
markable achievements in the application. However, certain problems, such
as greater water pressure, larger volume of fracturing equipment, and a
stricter sealing requirement, have gradually arisen in the field application
[49]. To improve the application situation, a newly developed technology
of pulse hydraulic fracturing was proposed to enhance the coalbed methane
drainage via accumulating the damages in the reservoirs and weakening the
rock strength by exciting oscillation from pulsating water pressure.

Comparison of fracture behaviors between pulse hydraulic fracturing
and traditional hydraulic fracturing at various side-pressure ratios was exe-
cuted using numerical software of PFC2D. The results demonstrated that
the fracture pressures required for pulse hydraulic fracturing, which in-
duced more cracks and a larger fracturing region, were all lower than those
for traditional hydraulic fracturing. Additionally, the field application of
pulse hydraulic fracturing was performed for the N2706 floor roadway
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with crossing holes in the Daxing coal mine, Liaoning Province, China.
The results demonstrated that [49]:
1. all the fracturing holes for pulse hydraulic fracturing had lower fracture

pressure than the calculated initiation pressure by traditional hydraulic
fracturing, which is consistent with the simulation results, and

2. the drainage parameter values of holes made via pulse hydraulic frac-
turing, such as drainage concentration and drainage pure volume, were
generally greater than those of traditional hydraulic fracturing.
All of the simulation and application results expressed that pulse hy-

draulic fracturing had greater superiority than traditional hydraulic fractur-
ing in the application of coalbed methane recovery based on the features
of lower fracturing pressure and the generation of more cracks. A large
amount of accumulated damage produced by pulse hydraulic fracturing
could greatly destroy the integrality of coal, which induced the generation
of many microcracks, significantly weakening the strength of the reser-
voir. Thus, more complicated fracture networks would be formed under a
lower water pressure. Moreover, the proportion of mesopores and macrop-
ores increased after pulse hydraulic fracturing, and the porosity increased by
17.29%, which indicated that pulse hydraulic fracturing could significantly
improve the permeability of coalbed methane reservoirs [49].

The permeability of coal is a key parameter in coalbed methane re-
covery. Minerals are known to occlude the flow paths and reduce coal
permeability. The pore space variation of coal due to dissolution of syn-
genetic and epigenetic minerals was numerically simulated [50].

A high-resolution helical microcomputed tomography scanner was used
to acquire three-dimensional images from the internal structure of a coal
sample that contained both syngenetic and epigenetic minerals. Two subsets
are then obtained from the images and segmented to separate syngenetic
minerals, epigenetic minerals, and macerals [50].

The syngenetic and epigenetic minerals were dissolved individually
and together and their impact on porosity and permeability was studied.
The minerals are identified through scanning electron microscopy with
energy dispersive spectroscopy (SEM-EDS). The dissolution process was
performed based on a first-order kinetic reactive model.

The numerical model combined lattice Boltzmann methods and finite
volume methods. The results showed that the coal permeability signifi-
cantly increases when a reactive solution is introduced. It was observed that
the permeability increases due to the change of porosity and is approxi-
mately 50% greater when only epigenetic minerals are dissolved.
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So, it was demonstrated that dissolving syngenetic minerals that are
contiguous to the connected flow network can enhance the permeability
through increasing the available connected void spaces. Also, it was shown
that the gap, which at some cases occurs due to mineral detachment from
the fracture wall, has a direct impact on dissolution performance [50].

1.7 Shale reservoirs

One main problem in shale reservoir development is the sharp decline in
liquid production in all hydraulically fractured wells [51]. In recent years,
CO2 huff-n-puff injection has been proved to be a potential method to en-
hance oil recovery. The effects of injection pressure and imbibition water on
CO2 huff-n-puff performance were investigated. Eagle Ford core samples
and Wolfcamp dead oil were used in this experimental study. The micro-
scopic pore characteristics of Eagle Ford shale core samples were analyzed,
and the results showed that 98.08% of the pore sizes are distributed between
3 nm and 50 nm. The experimental results demonstrated the great poten-
tial of CO2 huff-n-puff enhanced oil recovery (EOR). The cumulative oil
recovery can reach 68% after seven huff-n-puff cycles. The oil recovered
in each cycle decreases as the injection cycle number increases due to the
permeability damage caused by asphaltene precipitation, oil saturation re-
duction, and low injected CO2 sweep efficiency.

The effect of injection pressure was studied by injecting CO2 at both
immiscible and miscible conditions. CO2 huff-n-puff has better perfor-
mance (more than 9.1% EOR) under miscible conditions than immiscible
conditions. After that, a novel experiment was designed to saturate the core
samples with both water (15% KCl) and Wolfcamp dead oil to investigate
the influence of imbibition water on CO2 huff-n-puff EOR performance.
The existence of imbibition water impedes oil production in shale core
samples. The oil recovery decreased about 45.3% after seven huff-n-puff
cycles compared to the condition without water. A simulation study pro-
vided a better understanding of CO2 huff-n-puff application in liquid-rich
shale reservoirs, which is fundamentally important for applying and opti-
mizing CO2 huff-n-puff in field production [51].

Multistage hydraulic fracturing is an indispensable approach to enable
shale oil available and affordable. However, a low flowback water recovery
of usually less than 30% after fracking has been widely observed, which
is triggering both technical and environmental concerns [52]. It has been
confirmed that water uptake is a complex function of physicochemical pro-
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cesses in particular capillary forces. However, there have been a few direct
investigations on the characterization of the wettability of oil–brine–shale
from the geochemical perspective, especially organic matter, which im-
pedes to better manage and predict flowback water recovery. To gain a
deeper understanding of the system wettability, it was hypothesized that
the hydraulic fracturing fluid (usually slick water with low salinity less than
5000 ppm) increases the hydrophilicity of oil–brine–organic matter systems,
thereby contributing to water uptake in shale. Lowering salinity, particularly
in Ca2+ and Mg2+, increases the oil and organic matter surface potentials
and facilitates electrical double layer expansion. Thus it triggers the hy-
drophilicity. A geochemical simulation was conducted using literature data
to account for the incremental oil recovery from shale oil rocks in low-
salinity brines.

Surface species and surface potential of oil and organic matters were
computed as a function of pH for different brine salinity (280,000, 140,000,
and 28,000 ppm of formation brine and 20,000 ppm of KCl) at different
temperatures of 25◦C, 60◦C, and 100◦C.

Surface complexation modeling results showed that the oil–brine–
organic matter system wettability is primarily controlled by in situ salinity
and secondarily affected by pH and temperature. At a given pH, decreasing
salinity triggers a greater positive surface potential for both oil and or-
ganic matter surfaces, implying a greater electrical double layer expansion
and thus hydrophilicity. Moreover, the surface potential for oil and organic
matter decreases with increasing pH, which would even be shifted from
positive to negative in the presence of low-salinity water. Furthermore, the
surface potential of both oil and organic matter decreases with increasing
temperature at in situ pH from 3.5 to 7. The disjoining pressure results
show that saturating a sample from high-salinity brine formation to low-
salinity KCl solution will shift the disjoining pressure from negative values
(attraction) to positive values (repulsion).

The results support the hypothesis that lowering the salinity increases
the hydrophilicity of oil–brine–organic matter, which likely contributes to
water uptake by shale [52].

Multistage hydraulic fracturing along with horizontal wells is widely
used to create complex fracture networks in tight oil reservoirs [53]. An
analysis of field flowback data showed that most of the fracturing fluids are
contained in a complex fracture network, and fracture closure is the main
driving mechanism during early cleanup. At present, the related fracture
parameters cannot be accurately obtained, so it is necessary to study the
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impacts of fracture compressibility and the uncertainty on water loss and
the subsequent production performance.

A series of mechanistic models are established by considering stress-
dependent porosity and permeability [53]. The impacts of fracture uncer-
tainties, such as natural fracture density, proppant distribution, and natural
fracture heterogeneity, on flowback and productivity can be quantitatively
assessed. The results of the study indicate that considering fracture closure
during flowback can promote the water imbibition into the matrix and
delay the oil breakthrough time compared with ignoring fracture closure.
With the increase of natural fracture density, the oil breakthrough time is
advanced, and more water is retained underground. When natural fractures
connected with hydraulic fractures are propped, the well productivity will
be enhanced, but proppant embedment can cause a loss of oil production.
Additionally, the fracture network with more heterogeneity will lead to a
lower flowback rate, which presents an insight in the role of fractures in
water loss [53].

1.8 Hydraulic fracturing with nanoparticles

A method for controlling fluid loss into the pores of an underground forma-
tion during fracturing operations has been presented [54]. Here, nanopar-
ticles are added to the fracturing fluid to plug the pore throats of pores in
the underground formation.

As a result, the fracturing fluid is inhibited from entering the pores.
By minimizing the fluid loss, higher fracturing fluid pressures are main-
tained, resulting in more extensive fracture networks. Additionally, the
nanoparticles minimize the interaction between the fracturing fluid and
the formation, especially in water-sensitive formations. As a result, the
nanoparticles help maintain the integrity and conductivity of the gener-
ated, propped fractures.

The nanoparticles are selected from the group consisting of silica,
graphene, aluminum, iron, titanium, metal oxides, hydroxides, and mix-
tures thereof. The nanoparticles make up from about 0.01 g to about 10 g
of nanoparticles per 100 ml of the pad fluid. Further, the nanoparticles
have at least one flat face to thereby cover the pore throats and inhibit the
movement of the pad fluid into the pores of the underground formation
[54].
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1.8.1 Wellbore sealant using nanoparticles
A wellbore can be internally sealed with nanoparticles [55]. Pore throats
within the formation are plugged by the nanoparticles in the treatment
fluid. Internal sealing reduces leakoff from filter cake damage, and also
eliminates buildup of surface filter cake. Sealing the pore structure of a
particular wellbore zone alleviates the need for additional lost circulation
material, resulting in a very thin filter cake and significantly reducing the
chance of differential sticking.

Also, oil-based muds can be replaced with water-based equivalents. The
nanoparticle treatment fluid results in a permanent reduction in the per-
meability of the formation, and is therefore particularly suitable for wells
that will be stimulated using perforations, matrix acidizing, or fracturing
techniques.

In a tested embodiment, nanocrystalline cellulose with a length of about
100 nm and a diameter of about 6 nm was dispersed in an approximate 1%
brine solution (CaCl2/CaBr2 12.2 ppg [pounds per gallon], 14,618,82 g l−1.
To determine the extent of formation plugging, a measurement of the per-
meability of a core sample before and after introduction of a treatment
fluid was performed (three pore volume, flow rate less than or equal to 2
mlmin−1). The testing was done at 250◦F (121◦C). The initial and final
core permeability was measured using a 2% KCl solution.

The initial permeability of the tested core was measured to be 744 mD
(flow rate less than or equal to 5 mlmin−1). After introduction of the treat-
ment fluid and a shutin time of approximately 18 h, the permeability of the
core was down to 11 mD. Thus, the introduction of the nanocrystalline cel-
lulose into the relatively high-permeability core created a significant pore
plugging [55].
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CHAPTER 2

Fluid types
Generally, a hydraulic fracturing treatment involves pumping a proppant-
free viscous fluid, or pad, which is usually water with some fluid additives,
in order to generate high viscosity, into a well faster than the fluid can es-
cape into the formation. This causes the pressure to rise and the rock to
break, creating artificial fractures or enlarging existing ones.

After fracturing the formation, a propping agent, such as sand, is added
to the fluid. This forms a slurry that is pumped into the newly formed
fractures in the formation to prevent them from closing when the pumping
pressure is released. The proppant transportability of a base fluid depends
on the type of viscosifying additives that have been added to the water base
[1].

Since the late 1950s, more than half of fracturing treatments have been
conducted with fluids comprising guar gums or guar derivatives such as
hydropropyl guar (HPG), hydroxypropyl cellulose (HPC), carboxymethyl
guar, and carboxymethyl hydropropyl guar.

Crosslinking agents based on boron, titanium, zirconium, or aluminum
complexes are typically used to increase the effective molecular weight of
the polymers and make them better suited for use in high-temperature
wells.

Cellulose derivatives, such as hydroxyethyl cellulose (HEC) or HPC and
carboxymethylhydroxyethyl cellulose, are also used, with or without

crosslinkers. Xanthan and scleroglucan have also been shown to have ex-
cellent proppant suspension ability, but they are more expensive than guar
derivatives and are therefore used less frequently.

Poly(acrylamide) (PAM) and polyacrylate polymers and copolymers are
typically used for high-temperature applications or as friction reducers at
low concentrations for all temperatures ranges [1].

Polymer-free, water-based fracturing fluids can be obtained by using
viscoelastic surfactants (VESs). These fluids are normally prepared by mix-
ing appropriate amounts of suitable surfactants such as anionic, cationic,
nonionic, and zwitterionic surfactants. Their viscosity is attributed to the
three-dimensional structure formed by the components in the fluids. The
viscosity increases when the surfactant concentration exceeds a critical con-
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Figure 2.1 Betaine.

centration. Then the surfactant molecules aggregate into micelles, which
can interact to form a network that exhibits viscous and elastic behavior.

Cationic VESs – typically consisting of long-chain quaternary ammo-
nium salts such as cetyltrimethylammonium bromide – have so far been
the type attracting most commercial interest. Other common reagents that
generate viscoelasticity in surfactant solutions include salts, such as ammo-
nium chloride, potassium chloride, sodium chloride, sodium salicylate, and
sodium isocyanate, and also nonionic organic molecules, such as chloro-
form. The electrolyte content of surfactant solutions is also important for
controlling their viscoelastic behavior [1].

Fluids of this type of cationic VESs tend to loose their viscosity at high
brine concentrations, hence they have seen limited use as gravel packing or
drilling fluids. Anionic VESs are also used.

Amphoteric/zwitterionic surfactants [2] and an organic acid or salt or
an inorganic salt can also impart viscoelastic properties. The surfactants
could be, for dihydroxyl alkyl glycinate, alkyl amphoacetate, or VES pro-
pionate, alkyl betaine, alkyl amidopropyl betaine, and alkylamino monoor
dipropionates derived from certain waxes, fats, and oils. They are used in
conjunction with inorganic water-soluble salt or organic additives such as
phthalic acid, salicylic acid, or their salts.

Amphoteric/zwitterionic surfactants, in particular those comprising a
betaine moiety, are useful for a temperature up to about 150◦C and are
therefore of particular interest for medium- to high-temperature wells. Be-
taine is shown in Fig. 2.1. However, like the cationic viscoelastic surfactants
mentioned above, anionic surfactants are usually not compatible with high
brine concentrations.

Polymer-free VES fluids are used to minimize the damage to the prop-
pant pack and to efficiently transport the proppants into fractures. Proper
assessment of the rheologic properties and the proppant settling of the fluids
plays an important role in fracturing engineering [3].
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The rheology and viscosity temperature properties of a VES fracturing
fluid have been investigated. The VES fluid behaves as a non-Newtonian
shear thinning fluid and the power law model can be used to describe fluid
rheology within a certain range of shear rate and temperature. However,
with an increase of the shear rate and the temperature, the fluid approaches
a Newtonian fluid.

When the VES concentration is 4%, the fluid may generate a stable mi-
cromesh wormlike micelle structure, which results in a good viscoelasticity
and a high proppant carrying capacity [3].

A formulation of an easy-to-prepare, surfactant-based polymer-free
fluid has been described [4]. Possible components in the fluid that have
been tested are tetradecyl trimethyl ammonium bromide, cetyl trimethyl
ammonium bromide, octadecyl trimethyl ammonium bromide, and sali-
cylic acid. The properties as a fracturing fluid were evaluated with regard
to viscoelasticity and proppant carrying capability.

These water-based gels have a strong capacity to carry proppants and a
high viscoelasticity. The best performance was obtained from the gels de-
rived from octadecyl trimethyl ammonium bromide with salicylic acid. The
viscoelasticity of these gels increases with the ratio of ammonium bromide
to acid [4].

Proppants can be sand, intermediate-strength ceramic proppants, or sin-
tered bauxites, which can be coated with a resin to improve their clustering
ability. They can be coated with resin or a proppant flowback control agent
such as fibers. By selecting proppants having a property such as density, size,
or concentration, different settling rates will be achieved.

Waterfrac treatments combine low-cost, low-viscosity fluids to stimulate
very low-permeability reservoirs. The treatments rely on the mechanisms
of asperity creation (rock spalling), shear displacement of rock, and localized
high concentration of proppant to create adequate conductivity, with the
last mechanism being mostly responsible for the success of the treatment.
The mechanism can be described as analogous to a wedge splitting wood.

A viscous well treatment fluid is generally composed of a polysaccha-
ride or synthetic polymer in an aqueous solution, which is crosslinked by
an organometallic compound. Examples of well treatments in which metal
crosslinked polymers are used are hydraulic fracturing, gravel packing op-
erations, water blocking, and other well completion operations.

In order for the treatment to be successful, the fluid viscosity should
eventually diminish to a level approaching that of water after the prop-
pant is placed. This allows a portion of the treating fluid to be recovered
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without producing excessive amounts of proppant after the well is opened
and returned to production. If the viscosity of the fluid is low, it will flow
naturally from the formation under the influence of formation fluids. This
viscosity reduction or conversion is referred to as breaking, and is accom-
plished by incorporating chemical agents, referred to as breakers, into the
initial gel.

Some fracturing fluids, such as those based upon guar polymers, break
naturally without the intervention of a breaking agent, but their breaking
time is generally somewhere in the range from greater than 24 hours to
weeks, months, or years, depending on the conditions in the reservoir.

To decrease this break time, chemical agents are usually incorporated
into the gel. These are typically either oxidants or enzymes that degrade the
polymeric gel structure. Oxidizing agents, such as persulfate salts, chromous
salts, organic peroxides or alkaline earth or zinc peroxide salts, or enzymes
are the most effective.

The timing of the break is also of great importance. Gels that break
prematurely can cause suspended proppant material to settle out. They
penetrate before a sufficient distance into the produced fracture. Prema-
ture breaking can also lead to a premature reduction in the fluid viscosity,
resulting in an inadequate fracture width. On the other hand, gelled fluids
that break too slowly can cause slow recovery of the fracturing fluid, with
attendant delay in resuming production.

Additional problems may occur, such as the tendency of proppant to
become dislodged from the fracture, resulting in at least partial closing and
decreased efficiency of the fracturing operation. The fracturing gel should
preferably begin to break when the pumping operations are finished, and
be completely broken within about 24 hours after completion of the treat-
ment.

Fracturing fluid compositions comprise a solvent, a polymer-soluble or
hydratable in the solvent, a crosslinking agent, an inorganic breaking agent,
an optional ester compound, and a choline carboxylate. The solvent may be
an aqueous potassium chloride solution, and the inorganic breaking agent
may be a metal-based oxidizing agent, such as an alkaline earth metal or a
transition metal, or it may be magnesium, calcium, or zinc peroxide. The
ester compound may be an ester of a polycarboxylic acid, such as an ester
of oxalate, citrate, or ethylenediamine tetraacetate. Those having hydroxyl
groups can also be acetylated, for instance, citric acid can be acetylated to
form acetyl triethyl citrate, which is a preferred ester.
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Table 2.1 Components in fracturing fluids.

Component/category Function/remark

Water-based polymers Thickener, to transport proppant, reduces leakoff in
formation

Friction reducers Reduce drag in tubing

Fluid loss additives Form filter cake, reduce leakoff in formation if thick-
ener is not sufficient

Breakers Degrade thickener after job or disable crosslinker
(wide variety of different chemical mechanisms)

Emulsifiers For diesel premixed gels

Clay stabilizers For clay bearing formations

Surfactants Prevent water-wetting of formation

Nonemulsifiers Destroy emulsions

pH control additives Increase the stability of fluid (e.g., for elevated tem-
perature applications)

Crosslinkers Increase the viscosity of the thickener

Foamers For foam-based fracturing fluids

Gel stabilizers Keep gels active longer

Defoamers Break a foam

Oil-gelling additives Same as crosslinkers for oil-based fracturing fluids

Biocides Prevent microbial degradation

Water-based gel systems Common

Crosslinked gel systems Increase viscosity

Oil-based systems Used in water-sensitive formations

Polymer plugs Used also for other operations

Gel concentrates Premixed gel on diesel base

Resin-coated proppants Proppant material

Ceramics Proppant material

The hydratable polymer can be a water-soluble polysaccharide, such as
galactomannan or cellulose, and the crosslinking agent may be a borate,
titanate, or zirconium containing compound, such as Na3BO3 · nH2O.

A general review of commercially available additives for fracturing fluids
is given in the literature [5]. Possible components in a fracturing fluid are
listed in Table 2.1, which indicates the complexity of a fracturing fluid
formulation. Some additives may not be used together, such as oil-gelling
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Table 2.2 Various types of hydraulic fracturing fluids.

Type Remarks

Water-based fluids Predominant

Oil-based fluids Water-sensitive; increased fire hazard

Alcohol-based fluids Rarely used

Emulsion fluids High pressure, low temperature

Foam-based fluids Low pressure, low temperature

Noncomplex gelled water fracture Simple technology

Nitrogen foam fracture Rapid cleanup

Complexed gelled water fracture Often the best solution

Premixed gel concentrates Improve process logistics

In situ precipitation technique Reduces scale forming ingredients [7,8]

additives in a water-based system. More than 90% of the fluids are based on
water. Aqueous fluids are economical and can provide control of a broad
range of physical properties if used with additives. Additives for fracturing
fluids serve two purposes [6]:
1. they enhance fracture creation and proppant carrying capability and
2. they minimize formation damage.

Viscosifiers, such as polymers and crosslinking agents, temperature sta-
bilizers, pH control agents, and fluid loss control materials assist the creation
of a fracture. Formation damage is reduced by gel breakers, biocides, sur-
factants, clay stabilizers, and gases. Table 2.2 summarizes the various types
of fluids and techniques used in hydraulic fracturing.

2.1 Comparison of different techniques

The optimal technique to be used depends on the type of reservoir. Re-
ports that compare the techniques in a related environment are available.
In the Kansas Hugoton field (Mesa Limited Partnership), several hydraulic
fracturing methods were tested [9].

A method in which a complexed gelled water fracture was applied was
the most successful when compared with a foam technique and with older
and simpler techniques. The study covers some 56 wells where such tech-
niques were applied.
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2.2 Expert systems for assessment

A PC-based, interactive computer model has been developed to help en-
gineers choose the best fluid and additives and the most suitable propping
agent for a given set of reservoir properties [10,11].

The model also optimizes treatment volume, based on reservoir perfor-
mance and economics. To select the fluids, additives, and propping agents,
the expert system surveys stimulation experts from different companies, re-
views the literature, and then incorporates the knowledge so gained into
rules, using an expert system shell.

In addition, the fluid leakoff during hydraulic fracturing can be mod-
eled, calculated, and measured experimentally. Procedures for converting
laboratory data to an estimate of the leakoff under field conditions have
been given in the literature [12].

2.3 Oil-based systems

One advantage of fracturing with hydrocarbon gels compared with water-
based gels is that some formations may tend to imbibe large quantities of
water, whereas others are water-sensitive and will swell if water is intro-
duced.

2.4 Foam-based fracturing fluids

Foam fluids can be used in many fracturing jobs, especially when environ-
mental sensitivity is a concern [13]. Foam-fluid formulations are reusable,
are shear-stable, and form stable foams over a wide temperature range. They
exhibit high viscosities even at relatively high temperatures [14].

Carbon dioxide, nitrogen, and binary high-quality foams are widely
used in tight and deep formations due to their capacity to energize the
fluid and improve the total flowback volume and rate [15].

A foamed fracturing fluid has a relatively large volume of gas dispersed in
a relatively small volume of liquid. A foamed fracturing fluid also includes a
surfactant for facilitating the foaming and stabilization of the foam produced
when the gas is mixed with the liquid [16].

A coarse foamed fluid has a relatively nonuniform bubble size distri-
bution, e.g., a combination of large and small gas bubbles, whereas a fine
texture foam has relatively uniform bubble size distribution and most of the
bubbles are relatively small [17].
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In coarse foamed fracturing fluids, there may be also regions of fine
textured foam. Such foams are able to support the proppant in the fine tex-
tured regions even at very high foam quality levels. The most commonly
used gases for foamed fracturing fluids are nitrogen and carbon dioxide be-
cause they are noncombustible, readily available, and relatively cheap [16].

Surfactants designed to reduce surface and interfacial tension are also a
key element in the design of fluid systems to enhance recovery and reduce
entrapment of fluid barriers within the formation [15]. Enhanced fluid re-
covery improves overall completions economics due to less total treatment
cost and less time required for flowing back fluids. The most important
benefit is achieving a less damaged proppant pack, resulting in higher frac-
ture conductivity.

The application of carbon dioxide-foamed fluids and surfactants to en-
hance fracturing fluid recovery have been reviewed [15].

Recyclable foamed fracturing fluids are available [18]. After placement,
the pH of the fracturing fluid is changed so that the foam is destroyed.
At this stage, the fracturing fluid also releases its proppant. Afterwards, the
fracturing fluid is allowed to flow back to the surface. Eventually, it can be
recycled by changing the pH of the fracturing fluid back to the first pH
and adding a gas to the fluid, causing it to foam again.

2.4.1 Foam types
Natural gas extraction is a greener solution to world energy resource deple-
tion and water-based hydraulic fracturing is traditionally used to produce
gas from deep and tight geological formations. However, since this practice
fails to produce a commercially viable amount of gas and raises many en-
vironmental issues, better alternatives have been tested, among which the
usage of foam-based fluid is a comparatively novel but effective technique.
The methods used in foam-based fluid fracturing were reviewed [19].

Foams are made by mixing a gas phase with a liquid phase using a
suitable surfactant, and the foam quality is composition-dependent, with
high-quality foams having higher percentages of gas. The properties of the
injecting foam, including its rheology and viscosity, are important for the
fracturing process.

The most widely used foam types in the industry and their constituents
are described in Table 2.3.

According to current studies, foams have two separate flow regimes
(low and high quality) and a unique multiphase flow pattern. The foam
viscosity should be low to enter the ends of the fracture and high to have a
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Table 2.3 Foam types [20].

Type Main constituents

Water-based foams Water + foaming surfactant + nitrogen (gas) or carbon
dioxide (gas)

Carbon
dioxide-based foams

Carbon dioxide (liquid) + foaming surfactant + nitrogen
(gas)

Acid-based foams Acid + foaming surfactant + nitrogen (gas)

Alcohol-based
foams

Methanol + foaming surfactant + nitrogen (gas)

good proppant carrying capacity. Greater proppant carrying capacity, lower
water consumption and chemical usage, quicker and easier fluid flowback,
and less environmental damage are the advantages of foam-based fractur-
ing, and lack of knowledge, high capital cost, and potential damage to the
environment from surfactants are the limitations [19].

2.4.2 Shale gas fracturing using a foam-based fracturing fluid
Actually, the extremely low permeability of shale plays has caused them to
fail to produce a commercially viable amount of gas. Therefore, appropri-
ate production enhancement techniques, including hydro-fracturing, are
required [21].

The research on shale gas production enhancement using foam-based
hydro-fracturing has been reviewed [21]. Further, the study focuses on re-
search on shale deposit distribution around the world, the importance of
shale gas recovery, major shale gas recovery enhancement techniques, the
effectiveness of foam-based fracturing depending on the foam type used
and the formation properties, advantages, and limitations of foam-based
fracturing compared to other fluids, and existing experimental and numer-
ical studies and field studies.

According to the available experimental and modeling studies on foam
fracturing, nitrogen-based foams are stronger than carbon dioxide-based
foams. The effective viscosity that controls the foam rheology decreases
with increasing temperature and decreasing pressure and foam quality, and
fracture length reduces and fracture width increases with increasing foam
quality. Although this technique has been tested in few shale plays world-
wide, most studies have been performed in the USA and Canada. There-
fore, the foam fracturing technique is still comparatively novel for other
countries around the world [21].
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2.4.3 Dry foams
The amount of fresh water used in hydraulic fracturing can be significantly
reduced by employing produced water-compatible supercritical CO2 foams
[22]. Foams generated using surfactants only have suffered from long-term
stability issues resulting in low viscosity and proppant carrying problems.

Foam lamella stabilization with polyelectrolyte complex nanoparticles
and wormlike micelles was investigated [22]. Electrostatic interactions were
studied as the defining factors improving the hydraulic fracturing per-
formance using the polyelectrolyte complex nanoparticle system prepared
in produced water. Two oppositely charged polyelectrolytes were investi-
gated to generate a more stable lamella between the aqueous phase and
the supercritical CO2 while degrading in the presence of crude oil. The
generated dry foam system was then used as a hydraulic fracturing fluid in
a tight shale formation. The strong compatibility of the synthesized poly-
electrolyte complex nanoparticles with zwitterionic surfactants prepared in
highly concentrated brine in the form of wormlike micelles above the crit-
ical micelle concentration helps develop a highly viscous, dry foam capable
of using produced water as its external phase.

This foam system improves the fracture propagation and proppant trans-
port fracture cleanup compared to the base case foam system with no
polyelectrolyte complex nanoparticles. The formation of polyelectrolyte
complex surfactant nanoparticles was verified via zeta potential, particle
size analysis, and transmission electron microscopy; the underlying mech-
anism was identified as electrostatic rearrangement of wormlike micelles
along the polyelectrolyte complex nanoparticle’s perimeter or formation
of electrostatically bonded micelles with the nanoparticle to create a new
enhanced nanoparticle.

A Raman spectroscopic model was developed to understand the poly-
electrolyte complex nanoparticle surfactant spectra and subsequent spectro-
scopic and hence structural changes associated with complexation [22]. An
enhanced bulk viscosity and improved foam quality as a result of complex-
ation at the interface were identified with rheometry in addition to sand
pack experiments with polyelectrolyte complex nanoparticle surfactant ra-
tios of 1:9 and 4:6 in 33.3 kppm and 66.7 kppm salinity brine systems,
respectively.

An enhancement in the shear thinning and cleanup efficiency of the
fracturing fluid was observed. Formation damage was controlled by the
newly introduced mixtures as fluid loss volume decreased across the tight
Kentucky sandstone cores by up to 78% and 35% for supercritical CO2
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foams made with polyelectrolyte complex nanoparticle wormlike micelles
in 33.3 kppm and 66.7 kppm salinity brine, respectively. The produced wa-
ter compatibility and reduction of water disposal presented the prospect of
environmentally friendly supercritical CO2 foams for hydraulic fracturing
of unconventional reservoirs [22].

2.5 Utilization of hydraulic fracturing fluids

Recent advances in hydraulic fracturing, in conjunction with horizontal
drilling, have enabled large-scale extraction of natural gas and oil from shale
formations. Despite its advances and enormous economic benefits, oppor-
tunities remain to increase hydraulic fracturing efficiency and to minimize
potential environmental impacts.

Three key themes have been reviewed that are associated with develop-
ment and utilization of hydraulic fracturing fluids [23]:
1. characteristics and behavior of fracturing fluids,
2. understanding and predicting migration and fate of fracturing fluids,

and
3. technologies to reduce environmental impact of fracturing fluids.

The key techniques and findings on rheology of hydrogel-based fluids,
high-fidelity simulation of propagation transport, potential environmental
impacts, geosynthetics in mitigating contamination, and greener fracturing
fluids were discussed [23].

2.5.1 Chemical degradation of PAM during hydraulic
fracturing

PAM-based friction reducers are a primary ingredient of slickwater hy-
draulic fracturing fluids. However, only little is known regarding the fate
of these polymers under downhole conditions, which could have impor-
tant environmental impacts including decisions on strategies for reuse or
treatment of flowback water [24].

The chemical degradation of a high-molecular weight PAM was eval-
uated, including the effects of shale, oxygen, temperature, pressure, and
salinity [24]. The data were obtained with a slickwater fracturing fluid ex-
posed both to a shale sample collected from a Marcellus outcrop and to
Marcellus core samples at high pressures/temperatures simulating down-
hole conditions. Based on size exclusion chromatography analysis, the peak
molecular weight of the PAM was reduced by 2 orders of magnitude, from
roughly 10 MDa to 200 kDa under typical high-pressure/-temperature
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fracturing conditions. The rate of degradation was independent of pres-
sure and salinity but increased significantly at high temperatures and in the
presence of oxygen dissolved in fracturing fluids.

The results were consistent with a free radical chain scission mechanism,
supported by measurements of sub-µM hydroxyl radical concentrations.
The shale sample adsorbed some PAM of around 30%, but importantly
it catalyzed the chemical degradation of PAM, likely due to dissolution of
Fe2+ at low pH.

These results give an evidence of the radical-induced degradation of
PAM under high pressure/temperature hydraulic fracturing conditions
without an additional oxidative breaker [24].

2.6 Improved thermal stability

To withstand high-temperature environments, higher loadings of polymer
are required for hydraulic fracturing fluids. This leads to an increase in
polymer and additive concentrations [25]. However, these higher load-
ing fluids do not break completely, and generate residual polymer frag-
ments that can plug the formation and reduce fracture conductivity signif-
icantly.

A new hybrid dual polymer hydraulic fracturing fluid was introduced
that was developed for high-temperature applications [25]. The fluid con-
sists of a guar derivative and a PAM-based synthetic polymer. Compared to
conventional fracturing fluids, this system is easily hydrated, requires fewer
additives, can be mixed on the fly, and is capable of maintaining excellent
rheological performance at low polymer loadings. In this work, the fluid is
further optimized to withstand even higher temperatures, up to 204◦C.

Total polymer loadings of 30 lb/1000 gal and 40 lb/1000 gal dual poly-
mer fracturing fluid were tested and were prepared in the ratio of 1:1
and 1:2 (CMHPG:Synthetic). They were then crosslinked with a metal-
lic crosslinker and placed in a rheometer to measure the viscosity between
200 and 400◦F. After observing the failure temperature of the mixtures,
additives such as buffers, crosslinking delayers, and oxygen scavengers were
added and tested at temperatures above that point. The type of crosslinker
used was also varied to observe the effects of the rate of release of the
metallic crosslinker on thermal stability.

The results indicate that the 1:2 (CMHPG:Synthetic) mixture per-
formed better at temperatures exceeding 330◦F than the 1:1 mixture. The
failure points were 350◦F for the latter and 370◦F for the former. The addi-
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tion of a crosslinker that allowed a more controllable release was observed to
improve the thermal stability of the fluid mixture above 370◦F by increasing
the polymer’s shear tolerance. The addition of additives to the mixture was
shown to improve the thermal stability of the solution to varying degrees.
Of the three additives, the most significant enhancement came from the
addition of oxygen scavengers while the least was from the buffer solution
[25].

Furfural degradation

Persulfate may be activated under conditions like those encountered in
the wellbore, thus producing strong oxidizing radicals that degrade organic
compounds. The persulfate-activated transformation of organic additives
was examined in a simulated hydraulic fracturing brine by investigating the
transformation of furfural [26].

Pseudofirst-order reaction kinetics of furfural degradation in conditions
that mimic a fracture, including high temperature, acidified pH, ferric
sulfate, and a laboratory-simulated hydraulic fracturing brine, were estab-
lished. The activation energies for furfural removal in acidic (pH 2.54)
hydraulic fracturing brine was 105.6 kJmol−1 without ferric sulfate and
105.1 kJmol−1 with 23.3 mg l−1 ferric sulfate. A high-pressure reactor was
used to simulate the effects of pressure on persulfate activation. Increasing
pressure was shown to increase activation of persulfate at 55◦C.

Applying 3000 psi (207 bar) to the reactor nearly halved the appar-
ent furfural activation energy compared to experiments under atmospheric
pressure. Finally, reaction byproducts were presented with the findings
showing that halogenated organic byproducts form in hydraulic fracturing
brine during persulfate use [26].

2.7 Acid fracturing

A difference exists between acid fracturing and matrix acidizing. Acid
fracturing is used for low-permeability, acid-soluble rocks. Matrix acidiz-
ing is a technique used for high-permeability reservoirs. Candidates for
acid fracturing are formations such as limestones (CaCO3) or dolomites
(CaCO3 × MgCO3).

These materials react easily with hydrochloric acid to form chlorides
and carbon dioxide. In comparison with the fracturing technique with
proppants, acid fracturing has the advantage that no problem with proppant
cleanout will appear. The acid etches the fracture faces unevenly, which on
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closure retain a highly conductive channel for the reservoir fluid to flow
into the wellbore [27].

On the other hand, the length of the fracture is shorter, because the acid
reacts with the formation and therefore is spent. If traces of fluoride are in
the hydrochloric acid, then insoluble calcium fluoride is precipitated out.
Therefore, plugging by the precipitate can jeopardize the desired effect of
stimulation.

2.7.1 Encapsulated acids
Acids, in particular, and etching agents, in general, may be mixed with a
gelling agent and encapsulated with oils and polymers [28,29].

2.7.2 In situ formation of acids
While acid fracturing is usually applicable for carbonate formations, acid
fracturing in sandstone formations has been not a common practice due
to the low rock solubility of mud acid. Methods and compositions that
are useful in effective acid fracturing of sandstone formations have been
developed. Such a method of acid fracturing consists of [30]:
1. injecting into the formation an acid fracturing fluid at a pressure suffi-

cient to form fractures within the formation, the acid fracturing fluid
comprising a sulfonate ester, a fluoride salt, a proppant, and water, the
sulfonate ester being hydrolyzed to produce sulfonic acid and

2. producing hydrofluoric acid in situ in the formation by reacting the
sulfonic acid with the fluoride salt subsequent to injection of the acid
fracturing fluid into the formation.
Generating hydrofluoric acid in situ makes it possible to perform acid

fracturing of sandstone formations with the assistance of partial monolayers
of effectively placed propping agents and to create enlarged propped frac-
tures. Increased fracture widths will lead to higher fracture conductivity and
enhanced hydrocarbon production than what is generally achieved from a
conventional propped fracturing treatment.

2.7.3 Fluid loss
Fluid loss limits the effectiveness of acid fracturing treatments. Therefore,
formulations to control fluid loss have been developed and characterized
[31,32]. It was discovered that viscosifying the acid resulted in a remark-
able improvement in acid fluid loss control. The enhancement was most
pronounced in very low-permeability limestone cores. The nature of the
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viscosifying agent also influenced the success. Polymeric materials were
more effective than surfactant type viscosifiers [33].

A viscosity-controlled acid contains gels that break back to the original
viscosity 1 day after being pumped. These acids have been used both for
matrix acidizing and for fracture acidizing to obtain longer fractures. The
pH of the fluid controls the gel formation and breaking. The gels are limited
to formation temperatures of 50–135◦C [34].

2.7.4 Gel breaker for acid fracturing
A particulate gel breaker for acid fracturing for gels crosslinked with tita-
nium or zirconium compounds is composed of complexing materials such
as fluoride, phosphate, sulfate anions, and multicarboxylated compounds.
The particles are coated with a water-insoluble resin coating, which re-
duces the rate of release of the breaker materials of the particles so that the
viscosity of the gel is reduced at a retarded rate [35].

2.8 Special problems

2.8.1 Corrosion inhibitors
Water-soluble 1,2-dithiol-3-thiones for fracturing fluids and other work-
over fluids have been described as corrosion inhibitors for aqueous envi-
ronments [36]. These compounds are prepared by reacting a poly(ethylene
oxide) that is capped with isopropylphenol with elemental sulfur.

The compounds perform better in aqueous systems than their nonoxy-
lated analogs. The concentration range is usually in the 10–500 ppm range,
based on the weight of the water in the system.

2.8.2 Iron control in fracturing
Results from laboratory tests and field jobs show that iron presents a sig-
nificant and complex problem in stimulation operations [37]. The problem
presented by an acidizing fluid differs from that presented by a nonacidic
or weakly acidic fracturing fluid. In general, acid dissolves iron compounds
from the equipment and the flow lines as it is mixed and pumped into the
formation.

The acid may dissolve additional iron as it reacts with the formation.
If the fluid does not contain an effective iron control system, the dissolved
iron could precipitate. This precipitate may then accumulate as it is carried
toward the wellbore during flowback. This accumulation of solids may de-
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Figure 2.2 Complexing agents for iron control.

crease the natural and the created permeability and can have a detrimental
effect on the recovery of the treating fluid and production.

Iron can be controlled with certain complexing agents, in particu-
lar glucono-δ-lactone, citric acid, ethylenediamine tetraacetic acid, nitrilo
triacetic acid, hydroxyethylethylenediaminetriacetic acid, hydroxyethylim-
inodiacetic acid, and the salts from those compounds. These compounds
must be added together with nitrogen containing compounds such as hy-
droxylamine salts or hydrazine salts [38–40]. Some complexing agents are
shown in Fig. 2.2.

In general, chelating agents possess some unique chemical characteris-
tics. The most significant attribute of these chemicals is the high solubility
of the free acids in aqueous solutions. Linear core flood tests were used to
study the formation of wormholes.

Both hydroxyethylethylenediaminetriacetic acid and hydroxyethylimin-
odiacetic acid produced wormholes in limestone cores when tested at 65◦C
(150◦F). However, the efficiency and capacities differ. Because these chem-
icals have a high solubility in the acidic pH range, it was possible to test
acidic formulations with a pH of less than 3.5 [41].
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Table 2.4 Formulation for a high-temperature guar-based
fracturing fluid [45].
Component Action
Guar gum Thickener
Zirconium or hafnium compound Crosslinking agent
Bicarbonate salt Buffer

To control the iron in an aqueous fracturing fluid having a pH below
7.5, a thioalkyl acid may be added [42]. This is a reducing agent for the
ferric ion, contrary to the complexants described in the previous paragraph.

2.8.3 Enhanced temperature stability
During the initial fracturing process, degradation which results in a decrease
in viscosity is undesirable. The polymer in fracturing fluids will degrade at
elevated temperatures.

One method to prevent degradation too early is to cool down the
formation with large volumes of pad solution before the fracturing job.
Furthermore, the temperature stability of the fracturing fluid is extended
through the addition of quantities of unhydrated, particulate guar or guar
derivative polymers before pumping the fracturing fluid into the formation
[43]. Finally, the adjustment of the pH to moderate alkaline conditions can
improve the stability.

The temperature resistance of guar gum can be improved by silanization
[44]. The optimal reaction conditions are a reaction temperature of 85◦C
and a molar ratio of guar gum to trimethylsilane chloride of 5:1. The vis-
cosity of a silanized guar gum-based aqueous gel was greatly improved even
at a high temperature of 80◦C.

The preferred crosslinkers for high-temperature applications are zir-
conium compounds. A formulation for a high-temperature guar-based
fracturing fluid is given in Table 2.4. The fracturing fluid exhibits good
viscosity and is stable at moderate to high temperatures of 80–120◦C.

2.8.4 Chemical blowing
The efficiency of a fracturing fluid produced back from a formation can
be increased by adding blowing agents [46,47]. After placing the blow-
ing agent, for example, agglomerated particles and granules containing the
blowing agent and fracturing the formation, the blowing agent decom-
poses. Blowing agents are summarized in Table 2.5. Thereby the filter cake
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Table 2.5 Blowing agents [47].
Chemical compound
Dinitrosopentamethylenetetramine
Sodium hydrogen carbonate
p-Toluene sulfonyl hydrazide
Azodicarbonamide
p,p′′-Oxybis(benzenesulfonyl hydrazide)

Table 2.6 Frost-resistant formulation for hydraulic fracturing fluids [48].

Component %

Hydrocarbon phasea 2 to 20

Surfactant

Mineralized water

Sludge from production of sulfonate additives (hydrocarbons
10–30%, calcium sulfonate 20–30%, calcium carbonate and hy-
droxide 18–40%)b

10 to 35

Emultalc 0.5 to 2.0

a Gas condensate, oil, or benzene.
b Slows down filtration and increases sand holding capability, frost resistance, and stability.
c Surfactant emulsifier.

becomes more porous or provides a driving force for the removal of fluid
load from the matrix.

Increased porosity enhances the communication between the forma-
tion and the fracture, thus increasing the efficiency of the production of
the fracturing fluid. The gas liberation within the matrix establishes the
communication pathways for subsequent fracture and the well.

2.8.5 Frost-resistant formulation
A frost-resistant formulation is given in Table 2.6. The composition has a
frost resistance of −35 to −45◦C [48].

2.8.6 Formation damage in gas wells
A study [49] on formation damage using artificially fractured, low-permea-
bility sandstone cores indicated that viscosified fracturing fluids can severely
restrict the gas flow through narrow fractures. Poly(saccharide) polymers
such as hydroxypropyl guar, HEC, and xanthan gum caused a significant
reduction in gas flow through the cracked cores, of up to 95%.
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In contrast, PAM gels caused little or no reduction in the gas flow
through cracked cores after a liquid cleanup. Other components of fractur-
ing fluids, such as surfactants and breakers, caused less damage to gas flows.

2.9 Characterization of fracturing fluids

Historically, viscosity measurements have been the single most impor-
tant method to characterize fluids in petroleum producing applications.
Whereas the ability to measure a fluid’s resistance to flow has been available
in the laboratory for a long time, a need to measure the fluid properties
at the well site has prompted the development of more portable and less
sophisticated viscosity measuring devices [50].

These instruments must be durable and simple enough to be used by
persons with a wide range of technical skills. As a result, the Marsh funnel
and the Fann concentric cylinder, both variable-speed viscometers, have
found wide use. In some instances, the Brookfield viscometer has also been
used.

However, it has been established that an intense control of certain vari-
ables may improve the execution of a hydraulic fracturing job and the suc-
cess of a stimulation. Therefore, an intense quality control is recommended
[51,52]. Such a program includes monitoring the breaker performance at
low temperatures and measuring the sensitivity of fracturing fluids to vari-
ations in crosslinker loading, temperature stabilizers, and other additives at
higher temperatures.

2.9.1 Rheologic characterization
To design a successful hydraulic fracturing treatment employing crosslinked
gels, accurate measurements of the rheologic properties of these fluids are
required. Rheologic characterization of borate-crosslinked gels turned out
to be difficult with a rotational viscometer. In a laboratory apparatus, field
pumping conditions (i.e., crosslinking the fluid on the fly) and fluid flow
down tubing or casing and in the fracture could be simulated [53]. The
effects of the pH and temperature of the fluid and the type and concen-
tration of the gelling agent on the rheologic properties of fluids have been
measured.

These parameters have significant effects on the final viscosity of the
gel in the fracture. Correlations to estimate friction pressures in field-size
tubulars have been developed from laboratory test data. In conjunction
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Figure 2.3 Colorimetric reagent to measure zirconium levels in gels.

with field calibrations, these correlations can aid in accurate prediction of
the friction pressure of borate-crosslinked fluids.

2.9.2 Zirconium-based crosslinking agent
The concentration of a crosslinking agent containing zirconium in a gel is
determined by first adding an acid to break the gel and converting the zir-
conium into the ionic noncomplexed form [54], followed by the addition
of Arsenazo III to produce a colored complex, which can be detected with
standard colorimetric methods. Arsenic compounds are highly toxic. The
colorimetric reagent to measure zirconium in gels is shown in Fig. 2.3.

2.9.3 Oxidative gel breaker
The concentration of an oxidative gel breaker can be measured by col-
orimetric methods, by periodically or continuously sampling the gel [55].
The colorimetric reagent is sensitive to oxidizing agents. It contains iron
ions and thiocyanate. Thus the quantity of breaker added to the fracturing
fluid can be controlled. The method is based on the oxidation of ferrous
ions to ferric ions,

Fe2+
A Fe3+ + e−,

which form a deep red complex with thiocyanate.

2.9.4 Size exclusion chromatography
Size exclusion chromatography [56,57] has been used to monitor the degra-
dation of the thickeners initiated by various oxidative and enzymatic break-
ers.

The research revealed that a partially broken or unbroken polymer may
result in a significant reduction of the flow through a porous medium. An
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insoluble residue was generated during the degradation of guar polymers.
This residue can affect the pore size of the medium [58].

2.9.5 Assessment of proppants
There are standardized methods for the characterization of the effect of
proppants [59,60]. The general methods of assessment have been exempli-
fied [61].

For some proppants, the experiments reveal relationships between the
long-term fracture conductivity and the closure pressure as a polynomial
[61],

F = A1 + A2P + A3P2 + A4P3, (2.1)

where F is the long-term fracture conductivity, P is the closure pressure,
and Ai are some constants. Similarly, an exponential relationship between
fracture conductivity F and time t has be obtained for a certain closure
pressure [61],

F = exp(−A5t) + A6. (2.2)

References
[1] B. Lukocs, S. Mesher, T.P.J. Wilson, T. Garza, W. Mueller, F. Zamora, L.W. Gatlin,

Non-volatile phosphorus hydrocarbon gelling agent, July 2007.
[2] T.L. Allan, J. Amin, A.K. Olson, R.G. Pierce, Fracturing fluid containing ampho-

teric glycinate surfactant, US Patent 7 399 732, assigned to Calfrac Well Services Ltd.,
Calgary, Alberta, CA, Chemergy Ltd., Calgary, Alberta, CA, July 15, 2008.

[3] Z. Wang, S. Wang, X. Sun, The influence of surfactant concentration on rheology and
proppant-carrying capacity of VES fluids, Advanced Materials Research (Durnten-
Zurich, Switzerland): Pt. 1, Natural Resources and Sustainable Development 361–363
(2012) 574–578.

[4] Q. Deng, J. Xu, X. Gu, Y. Tang, Properties evaluation of polymer-free fluid for frac-
turing application, Advanced Materials Research (Durnten-Zurich, Switzerland): Pt.
2, Advanced Composite Materials 482–484 (2012) 1180–1183.

[5] Anonymous, Fracturing products and additives, World Oil 220 (8) (August 1999), 135,
137, 139–145.

[6] P.C. Harris, Fracturing-fluid additives, Journal of Petroleum Technology 40 (10) (Oc-
tober 1988) 1277–1279.

[7] M.J. Hrachovy, Hydraulic fracturing technique employing in situ precipitation, WO
Patent 9 406 998, assigned to Union Oil Co. California, March 31, 1994.

[8] M.J. Hrachovy, Hydraulic fracturing technique employing in situ precipitation, US
Patent 5 322 121, assigned to Union Oil Co. California, June 21, 1994.

[9] T.L. Cottrell, W.D. Spronz, W.C. Weeks III, Hugoton infill program uses optimum
stimulation technique, Oil & Gas Journal 86 (28) (1988) 88–90.



50 Hydraulic Fracturing Chemicals and Fluids Technology

[10] S.A. Holditch, H. Xiong, Z. Rahim, J. Rueda, Using an expert system to select the
optimal fracturing fluid and treatment volume, in: Proceedings Volume, SPE Gas Tech-
nol. Symp., Calgary, Can, 6/28–30/93, 1993, pp. 515–527.

[11] H. Xiong, B. Davidson, B. Saunders, S.A. Holditch, A comprehensive approach to
select fracturing fluids and additives for fracture treatments, in: Proceedings Volume,
Annu. SPE Tech. Conf., Denver, 10/6–9/96, 1996, pp. 293–301.

[12] G.S. Penny, C.M. W, Fluid Leakoff, Recent Advances in Hydraulic Fracturing (SPE
Henry L. Doherty Monogr Ser), vol. 12, SPE, Richardson, Texas, 1989, pp. 147–176.

[13] A.L. Stacy, R.B. Weber, Method for reducing deleterious environmental impact of
subterranean fracturing processes, US Patent 5 424 285, assigned to Western Co. North
America, June 13, 1995.

[14] J.E. Bonekamp, G.D. Rose, D.L. Schmidt, A.S. Teot, E.K. Watkins, Viscoelastic surfac-
tant based foam fluids, US Patent 5 258 137, assigned to Dow Chemical Co., November
2, 1993.

[15] H.C. Tamayo, K.J. Lee, R.S. Taylor, Enhanced aqueous fracturing fluid recovery from
tight gas formations: foamed CO2 pre-pad fracturing fluid and more effective surfactant
systems, Journal of Canadian Petroleum Technology 47 (10) (2008) 33–38.

[16] T.D. Welton, B.L. Todd, D. McMechan, Methods for effecting controlled break in
pH dependent foamed fracturing fluid, US Patent 7 662 756, assigned to Halliburton
Energy Services, Inc., Duncan, OK, February 16, 2010.

[17] R.L. Middaugh, P.C. Harris, S.J. Heath, R.S. Taylor, O.F. Hoch, M.L. Phillippi, B.F.
Slabaugh, J.M. Terracina, Coarse-foamed fracturing fluids and associated methods, US
Patent 7 261 158, assigned to Halliburton Energy Services, Inc., Duncan, OK, August
28, 2007.

[18] J. Chatterji, B.J. King, K.L. King, Recyclable foamed fracturing fluids and methods
of using the same, US Patent 7 205 263, assigned to Halliburton energy Services, Inc.,
Duncan, OK, April 17, 2007.

[19] W.A.M. Wanniarachchi, P.G. Ranjith, M.S.A. Perera, A. Lashin, N. Al Arifi, J.C.
Li, Current opinions on foam-based hydro-fracturing in deep geological reservoirs,
Geomechanics and Geophysics for Geo-Energy and Geo-Resources 1 (3–4) (2015)
121–134.

[20] L. Gandossi, U. Von Estorff, An overview of hydraulic fracturing and other formation
stimulation technologies for shale gas production, Eur. Commisison Jt. Res. Cent.
Tech. Reports 26347, 2015, pp. 1–57.

[21] W.A.M. Wanniarachchi, P.G. Ranjith, M.S.A. Perera, Shale gas fracturing using foam-
based fracturing fluid: a review, Environmental Earth Sciences 76 (2) (2017) 91.

[22] H. Hosseini, J.S. Tsau, K. Shafer-Peltier, C. Marshall, Q. Ye, R. Barati Ghahfarokhi,
Experimental and mechanistic study of stabilized dry CO2 foam using polyelectrolyte
complex nanoparticles compatible with produced water to improve hydraulic frac-
turing performance, Industrial & Engineering Chemistry Research 58 (22) (2019)
9431–9449.

[23] L. Thomas, H. Tang, D.M. Kalyon, S. Aktas, J.D. Arthur, J. Blotevogel, J.W. Carey, A.
Filshill, P. Fu, G. Hsuan, T. Hu, D. Soeder, S. Shah, R.D. Vidic, M.H. Young, Toward
better hydraulic fracturing fluids and their application in energy production: a review
of sustainable technologies and reduction of potential environmental impacts, Journal
of Petroleum Science and Engineering 173 (2019) 793–803.

[24] B. Xiong, Z. Miller, S. Roman-White, T. Tasker, B. Farina, B. Piechowicz, W.D.
Burgos, P. Joshi, L. Zhu, C.A. Gorski, A.L. Zydney, M. Kumar, Chemical degradation



Fluid types 51

of polyacrylamide during hydraulic fracturing, Environmental Science & Technology
52 (1) (2018) 327–336.

[25] T. Almubarak, L. Li, H. Nasr-El-Din, J.H. Ng, K. Sokhanvarian, M. Alkhaldi, S. Al-
mubarak, Pushing the thermal stability limits of hydraulic fracturing fluids, in: SPE
Asia Pacific Oil and Gas Conference and Exhibition, Society of Petroleum Engineers,
Brisbane, Australia, 2018, pp. 1–16.

[26] K.E. Manz, T.J. Adams, K.E. Carter, Furfural degradation through heat-activated
persulfate: impacts of simulated brine and elevated pressures, Chemical Engineering
Journal 353 (2018) 727–735.

[27] H. Mukherjee, G. Cudney, Extension of acid fracture penetration by drastic fluid-loss
control, SPE Unsolicited Paper (1992).

[28] M.E. Gonzalez, M.D. Looney, The use of encapsulated acid in acid fracturing treat-
ments, WO Patent 0 075 486, assigned to Texaco Development Corp. and Gonzalez,
Manuel E. and Looney, Mark D., December 14, 2000.

[29] M.E. Gonzalez, M.D. Looney, Use of encapsulated acid in acid fracturing treatments,
US Patent 6 207 620, assigned to Texaco Inc., March 27, 2001.

[30] Q. Qu, X. Wang, Method of acid fracturing a sandstone formation, US Patent
7 704 927, assigned to BJ Services Company, Houston, TX, April 27, 2010.

[31] B.D. Sanford, C.R. Dacar, S.M. Sears, Acid fracturing with new fluid-loss control
mechanisms increases production, little knife field, North Dakota, in: Proceedings Vol-
ume, SPE Rocky Mountain Reg. Mtg., Casper, Wyo, 5/18–21/92, 1992, pp. 317–324.

[32] D.J. White, B.A. Holms, R.S. Hoover, Using a unique acid-fracturing fluid to control
fluid loss improves stimulation results in carbonate formations, in: Proceedings Volume,
SPE Permian Basin Oil & Gas Recovery Conf., Midland, Texas, 3/18–20/92, 1992,
pp. 601–610.

[33] R.D. Gdanski, Fluid properties and particle size requirements for effective acid fluid-
loss control, in: Proceedings Volume, SPE Rocky Mountain Reg. Mtg.: Low Perme-
ability Reservoirs Symp., Denver, 4/26–28/93, 1993, pp. 81–94.

[34] V. Yeager, C. Shuchart, In situ gels improve formation acidizing, Oil & Gas Journal
95 (3) (1997) 70–72.

[35] J.L. Boles, A.S. Metcalf, J.C. Dawson, Coated breaker for crosslinked acid, US Patent
5 497 830, assigned to BJ Services Co., March 12, 1996.

[36] B.A. Oude Alink, Water soluble 1,2-dithio-3-thiones, US Patent 5 252 289, assigned
to Petrolite Corp., October 12, 1993.

[37] P. Smolarchuk, W. Dill, Iron control in fracturing and acidizing operations, in: Pro-
ceedings Volume, volume 1, 37th Annu. Cim. Petrol. Soc. Tech. Mtg., Calgary, Can,
6/8–11/86, 1986, pp. 391–397.

[38] W.R. Dill, W.G.F. Ford, M.L. Walker, R.D. Gdanski, Treatment of iron-containing
subterranean formations, EP Patent 258 968, March 9, 1988.

[39] W.W. Frenier, Well treatment fluids comprising chelating agents, WO Patent 0 183 639,
assigned to Sofitech NV and Schlumberger Serv. Petrol and Schlumberger Canada Ltd.
and Schlumberger Technol. BV and Schlumberger Holdings Ltd., November 8, 2001.

[40] M.L. Walker, W.G.F. Ford, W.R. Dill, R.D. Gdanski, Composition and method of
stimulating subterranean formations, US Patent 4 683 954, August 4, 1987.

[41] W.W. Frenier, C.N. Fredd, F. Chang, Hydroxyaminocarboxylic acids produce superior
formulations for matrix stimulation of carbonates, in: Proceedings Volume, SPE Europe
Formation Damage Conf., The Hague, Netherlands, 5/21–22/2001, 2001.



52 Hydraulic Fracturing Chemicals and Fluids Technology

[42] M. Brezinski, T.R. Gardner, W.M. Harms, J.L. Lane Jr., K.L. King, Controlling iron
in aqueous well fracturing fluids, EP Patent 599 474, assigned to Halliburton Co., June
1, 1994.

[43] K.H. Nimerick, C.L. Boney, Method of fracturing high temperature wells and fractur-
ing fluid therefore, US Patent 5 103 913, assigned to Dowell Schlumberger Inc., April
14, 1992.

[44] J. Zhang, G. Chen, Improvement of the temperature resistance of guar gum by silaniza-
tion, Advanced Materials Research (Durnten-Zurich, Switzerland): Pt. 1, Advanced
Materials 415–417 (2012) 652–655.

[45] H.D. Brannon, R.M. Hodge, K.W. England, High temperature guar-based fracturing
fluid, US Patent 4 801 389, assigned to Dowell Schlumberger Inc., January 31, 1989.

[46] I.S. Abou-Sayed, R.D. Hazlett, Removing fracture fluid via chemical blowing agents,
US Patent 4 832 123, assigned to Mobil Oil Corp., May 23, 1989.

[47] A.R. Jennings Jr., Method of enhancing stimulation load fluid recovery, US Patent
5 411 093, assigned to Mobil Oil Corp., May 2, 1995.

[48] K.A. Barsukov, V.Y. Ismikhanov, A.A. Akhmetov, G.S. Pop, G.A. Lanchakov, V.M.
Sidorenko, Composition for hydro-bursting of oil and gas strata – consists of hy-
drocarbon phase, sludge from production of sulphonate additives to lubricating oils,
surfactant-emulsifier and mineralised water, SU Patent 1 794 082, assigned to Urengoi
Prod. Assoc., February 7, 1993.

[49] B.L. Gall, D.R. Maloney, C.J. Raible, A.R. Sattler, Permeability damage to natural
fractures caused by fracturing fluid polymers, in: Proceedings Volume, SPE Rocky
Mountain Reg Mtg., Casper, Wyo, 5/11–13/88, 1988, pp. 551–560.

[50] C.F. Parks, P.E. Clark, O. Barkat, J. Halvaci, Characterizing polymer solutions by
viscosity and functional testing, in: Proceedings 192nd ACS Nat. Mtg., vol. 55,
Amer. Chem. Soc. Polymeric Mater Sci Eng. Div Tech. Program, Anaheim, Calif.,
9/7–12/86, 1986, pp. 880–888.

[51] J.W. Ely, How intense quality control improves hydraulic fracturing, World Oil 217 (11)
(November 1996), 59, 60, 62–65, 68.

[52] J.W. Ely, B.C. Wolters, S.A. Holditch, Improved job execution and stimulation success
using intense quality control, in: Proceedings Volume, 37th Annu. Southwestern Petrol.
Short Course Ass. et al. Mtg., Lubbock, Texas, 4/18–19/90, 1990, pp. 101–114.

[53] S.N. Shah, P.C. Harris, H.C. Tan, Rheological characterization of borate crosslinked
fracturing fluids employing a simulated field procedure, in: Proceedings Volume, SPE
Prod. Technol. Symp., Hobbs, N Mex, 11/7–8/88, 1988.

[54] S. Chakrabarti, C.Z. Marczewski, Determining the concentration of a cross-linking
agent containing zirconium, GB Patent 2 228 996, assigned to British Petroleum Co.
Ltd., September 12, 1990.

[55] S. Chakrabarti, J.P. Martins, D. Mealor, Method for controlling the viscosity of a fluid,
GB Patent 2 199 408, assigned to British Petroleum Co. Ltd., July 6, 1988.

[56] H.D. Brannon, J.P.R.M. Tjon, Characterization of breaker efficiency based upon size
distribution of polymeric fragments, in: Proceedings Volume, Annu. SPE Tech. Conf.,
Dallas, 10/22–25/95, 1995, pp. 415–429.

[57] B.L. Gall, C.J. Raible, The use of size exclusion chromatography to study the degra-
dation of water-soluble polymers used in hydraulic fracturing fluids, in: Proceedings
192nd ACS Nat. Mtg., vol. 55, Amer. Chem. Soc. Polymeric Mater Sci Eng. Div
Tech. Program, Anaheim, Calif., 9/7–12/86, 1986, pp. 572–576.



Fluid types 53

[58] A. Kyaw, B.S. Binti, Nor Azahar, S.Q. Tunio, Fracturing fluid (guar polymer gel)
degradation study by using oxidative and enzyme breaker, Research Journal of Ap-
plied Sciences, Engineering and Technology 4 (12) (2012) 1667–1671.

[59] Petroleum and natural gas industries – Completion fluids and materials – Part 5:
Procedures for measuring the long-term conductivity of proppants, ISO Standard
ISO-13503-5, International Organization for Standardization, Geneva, Switzerland,
2006.

[60] Recommended practice for measuring the long-term conductivity of proppants, API
Standard API RP 19C, American Petroleum Institute, Washington, DC, 2008.

[61] Q. Wen, S. Zhang, L. Wang, Y. Liu, X. Li, The effect of proppant embedment upon
the long-term conductivity of fractures, Journal of Petroleum Science & Engineering
55 (3–4) (February 2007) 221–227.



CHAPTER 3

Thickeners
A variety of compounds useful as thickeners is shown in Table 3.1. Subse-
quently, the individual compounds are explained in detail.

3.1 Nanoparticle-enhanced hydraulic fracturing fluids

The application of horizontal drilling and hydraulic fracturing stimulations
for improving hydrocarbon productivity from low-permeable reservoirs is
a well-established practice [19]. However, the development of fracturing

Table 3.1 Thickeners.

Compound References

A water-soluble copolymer of hydrophilic and hydrophobic
monomers, acrylamide (AAm)-acrylate of silane or siloxane

[1]

Carboxymethyl cellulose, poly(ethylene glycol) [2,3]

Combination of a cellulose ether with clay [4]

Amide-modified carboxyl containing poly(saccharide) [5]

Sodium aluminate and magnesium oxide [6]

Thermally stable hydroxyethyl cellulose (HEC) 30% ammonium
or sodium thiosulfate and 20% HEC

[7]

Acrylic acid (AA) copolymer and oxyalkylene with hydrophobic
group

[8]

Copolymers acrylamide-acrylate and vinylsulfonate-vinylamide [9]

Cationic poly(galactomannan)s and anionic xanthan gum [10]

Copolymer from vinyl urethanes and AA or alkyl acrylates [11]

2-Nitroalkyl ether-modified starch [12]

Polymer of glucuronic acid [13]

Ferrochrome lignosulfonate and carboxymethyl cellulose [14]

Cellulose nanofibrilsa [15,16]

Quaternary alkyl amido ammonium salts [17]

Chitosanb [18]
a Stable up to temperatures of about 180◦C.
b Solubilized in acidic solution.
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fluids that can maintain excellent rheological properties at reservoir con-
ditions, as well as minimize damage to the formation, is still very chal-
lenging. There has been increasing interest in recent years in the improve-
ment of the hydraulic fracturing stimulation through the application of
nanotechnology.

The current status of nanoparticle applications for hydraulic fracturing
treatments of the unconventional reservoirs has been reviewed [19]. Also,
the mechanisms and applications, the findings, and the technical challenges
and directions for future studies were detailed.

The collected literature demonstrated the promising applications of
nanomaterials for improving the rheology of viscoelastic surfactant fluid,
foam-based fluid, and polymer-based fracturing fluid using nanocrosslink-
ers and biopolymer nanocomposites. The results of previous studies showed
that the unique properties of nanomaterials, such as their small sizes,
high specific surface area, magnetic properties, superior strength, and sta-
bility could be exploited in the development of downhole nanosensors,
nanoproppants, gel breakers, and fluid loss control agents. More work will
be required to understand the crosslinking mechanisms of nanocrosslinkers
and the mechanisms governing the enhancement in fracturing fluid viscos-
ity in the presence of nanoparticles at reservoir conditions.

The potential applications of generally used nanoparticles, such as alu-
minum oxide, copper oxide, carbon nanotubes, and low-cost nanoparticles
such as calcium carbonate, silicon dioxide, and fly ash nanoparticles, in
unconventional reservoirs need to be further researched. The improved hy-
drocarbon recovery from the unconventional reservoirs through wettability
alterations and interfacial tension reduction by nanofluids and the use of
nanoparticle-enhanced combined fracturing fluid systems present exciting
future opportunities [19].

More recently, hydraulic fracturing fluids may incorporate small-sized
particles in the nanometer size range [20]. Such nanoparticles have ad-
dressed certain technological limitations of fracturing fluids. For example,
viscoelastic surfactant fluids were reported to suffer high leakoff rates in
moderate permeability reservoirs (200 md) and were limited in tempera-
ture. Beyond approximately 104◦C, viscosity was diminished significantly.

Another challenge is the pressure-dependent behavior of borate-
crosslinked gels, where the viscosity was found to drop significantly under
high pressures. Also, in high-temperature reservoirs (>178◦C), it is very
challenging to design a fluid that can sustain enough viscosity for a re-
quired period of time.
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Synthetic polymers, mainly acrylamide-based polymers, are commonly
used and have been reported to be used at high concentrations. These high-
concentration requirements are imposed by the need for a stable viscosity
under high-temperature conditions. However, a high polymer loading in-
creases the potential of formation damage caused by the fluid residue. These
challenges, which can be addressed by nanotechnology, could have a major
impact on hydraulic fracturing applications.

For instance, the working temperature limit of viscoelastic surfactant-
based fluids was improved from 93 to 121◦C by adding zinc oxide and
magnesium oxide nanoparticles. The borate-crosslinked gels were found to
maintain their viscosity at pressures up to 20,000 psi when using boronic
acid-functionalized nanolatex silica particles as crosslinking agents, while
under such high pressures, conventional borate crosslinkers showed more
than 80% reduction in viscosity. Moreover, the rheological properties of
mixed viscoelastic surfactant/polymer fluids were enhanced when using
nanoparticles. The use of foams can reduce the amount of water consumed
in hydraulic fracturing. An α-olefin sulfonate surfactant can be foamed by
the use of carbon dioxide. Aluminum oxide nanoparticles were found to
stabilize the foams created by an α-olefin olefin sulfonate, viscoelastic sur-
factant, and carbon dioxide. This has a potential application in waterless
fracturing.

All of these aspects have been reviewed, and the most recent experience
of nanoparticle usage in hydraulic fracturing fluids design were summarized
[20].

Polymers

Thickener polymers include poly(urethane)s, poly(ester)s, and poly(acry-
lamide)s, and also natural polymers and modified natural polymers [21].

pH-responsive thickeners

The viscosity of ionic polymers is dependent on the pH. In particu-
lar, pH-responsive thickeners can be prepared by copolymerization of
acrylic or methacrylic acid ethyl acrylate or other vinyl monomers and
tristyrylpoly(ethyleneoxy)x methyl acrylate. Such a copolymer provides a
stable aqueous colloidal dispersion at a pH lower than 5.0 but becomes an
effective thickener for aqueous systems upon adjustment to a pH of 5.5 to
10.5 or higher [22,23].
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Mixed metal hydroxides

By addition of mixed metal hydroxides, typical bentonite muds are trans-
formed to an extremely shear thinning fluid [24]. At rest these fluids exhibit
a very high viscosity but are thinned to an almost waterlike consistency
when shear stress is applied.

In theory, the shear thinning rheology of mixed metal hydroxides and
bentonite fluids is explained by the formation of a three-dimensional, frag-
ile network of mixed metal hydroxides and bentonite.

The positively charged mixed metal hydroxide particles attach them-
selves to the surface of negatively charged bentonite platelets. Typically,
magnesium aluminum hydroxide salts are used as mixed metal hydroxides.

Mixed metal hydroxides demonstrate the following advantages in
drilling [25]:

• high cuttings removal,
• suspension of solids during shutdown,
• lower pump resistance,
• stabilization of the borehole,
• high drilling rates, and
• protection of the producing formation.

Mixed metal hydroxide drilling muds have been successfully used in
horizontal wells, in tunneling under rivers, roads, and bays, for drilling in
fluids, for drilling large-diameter holes, with coiled tubing, and to ream out
cemented pipe.

Mixed metal hydroxides can be prepared from the corresponding chlo-
rides treated with ammonium [26]. Experiments done with various drilling
fluids showed that the mixed metal hydroxides system, coupled with propy-
lene glycol [27], caused the least skin damage of the drilling fluids tested.

Thermally activated mixed metal hydroxides made from naturally oc-
curring minerals, especially hydrotalcites, may contain small or trace
amounts of metal impurities besides the magnesium and aluminum com-
ponents, which are particularly useful for activation [28].

Mixed hydroxides of bivalent and trivalent metals with a three-
dimensional spaced-lattice structure of the garnet type (Ca3Al2(OH)12)
have been described [29,30].



Thickeners 59

Table 3.2 Overview of thickeners suitable for fracturing fluids.

Thickener References

Hydroxypropyl guara

Galactomannansb [33]
HEC-modified vinylphosphonic acid [34]
Carboxymethyl cellulose
Polymer from N-vinyl lactam monomers, vinylsulfonatesc [35]
Reticulated bacterial cellulosed [36]
Bacterial xanthane [37]
a General purpose eightfold power of thickening in comparison to starch.
b Increased temperature stability, used with boron-based crosslinkers.
c High-temperature stability.
d Superior fluid performance.
e Imparts high viscosity.

3.2 Thickeners for water-based systems

A gelling agent is also known as a viscosifying agent, and refers to a material
that can make the fracturing fluid into a gel, thereby increasing its viscosity
[31].

Suitable gelling agents include guar gum, xanthan gum, welan gum,
locust bean gum, gum ghatti, gum karaya, tamarind gum, and tragacanth
gum. Guar gum can be functionalized to hydroxyethyl guar, hydroxypropyl
guar, or carboxymethyl guar. Examples of water-soluble cellulose ethers
include methyl cellulose, carboxymethyl cellulose (CMC), HEC, and hy-
droxyethyl carboxymethyl cellulose [31].

Artificial polymers, such as copolymers from AAm, methacrylamide,
AA, or methacrylic acid, or those from 2-acrylamido-2-methyl-1-propane
sulfonic acid (AMPS) derivates and N-vinylpyridine, have all been used
[31], but also naturally occurring polysaccharides and their derivatives [32].
They can increase the viscosity of the fluid when used in comparatively
small amounts. Table 3.2 presents polymers suitable for fracturing fluids.

Guar is shown in Fig. 3.1. In hydroxypropyl guar, some of the hy-
droxyl groups are etherified with oxopropyl units. Compositions for gelling
a hydrocarbon fracturing fluid are fundamentally different from those for
aqueous fluids. A possible formulation consists of a gelling agent, a phos-
phate ester, a crosslinking agent, a multivalent metal ion, and a catalyst, a
fatty quaternized amine [38].
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Figure 3.1 Structural unit of guar.

Zirconium-based crosslinking composition

Some commercially available zirconate crosslinkers, such as tetra triethanol
amine zirconate, crosslink too fast at high pH conditions, thus causing a
significant loss in viscosity due to shear degradation [39].

In contrast, other zirconium complexes of triethanol amine [40–42] can
be used, but they suffer from a slow rate of crosslinking [39]. In addition, a
similar loss in viscosity due to shear degradation is observed.

A water-based crosslinking composition has been developed that con-
tains a pH buffer, a crosslinkable organic polymer, and a solution of a
zirconium crosslinking agent [39]. The zirconium complex has an alka-
nolamine and ethylene glycol.

A most suitable tetraalkyl zirconate is tetra-n-propyl zirconate, available
as TYZOR NPZ, a solution in n-propanol, with a zirconium content as
ZrO2 of about 28% by weight.

The composition is further comprised of a crosslinkable organic poly-
mer, e.g., guar deviates. However, CMCs are advantageous when the pH
of the composition is less than 6.0 or higher than 9.0, or when the perme-
ability of the formation is such that one wishes to keep the residual solids
at a low level to prevent damage to the formation [39].

3.2.1 Guar
Guar is a branched polysaccharide from the guar plant Cyamopsis tetragonolo-
bus, which originated in India, and is now also found in the southern
United States. It has a molar mass of approximately 220 kDa, and it consists
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of mannose in the main chain and galactose in the side chain. The ratio of
mannose to galactose is 2:1.

Polysaccharides having this structure are referred to as heteromannans,
and in particular as galactomannans. Derivatives of guar are therefore some-
times called galactomannans.

Guar-based gelling agents, typically hydroxypropyl guar, are widely used
to viscosify fracturing fluids because of their desirable rheological proper-
ties, economics, and ease of hydration. Nonacetylated xanthan is a variant
of xanthan gum which interacts synergistically with guar to give superior
viscosity and particle transport at lower polymer concentrations.

Static leakoff experiments with borate-crosslinked and zirconate-
crosslinked hydroxypropyl guar fluids showed practically the same leakoff
coefficients [43]. An investigation of their stress-sensitive properties showed
that zirconate filter cakes have viscoelastic properties, but borate filter cakes
are merely elastic. Noncrosslinked fluids show no filter cake type behavior
for a large range of core permeabilities, but rather a viscous flow that is
dependent on characteristics of the porous medium.

The addition of glycols, such as ethylene glycol (EG), to aqueous fluids
gelled with guar gum can increase the viscosity of the fluid and stabilize
the fluid brines. Such fluids are more stable at high temperatures from
27–177◦C (80–350◦F). The formation damage is minimized after hydraulic
fracturing operations, as less of the guar polymer can be used, but the same
viscosity is achieved by the addition of a glycol [44].

The crosslinker can be a borate, a titanate, or a zirconate. The stability of
the gel is improved by the addition of sodium thiosulfate. The development
of the viscosity at 93◦C (200◦F) of brine fluids with 2.4 kgm−3 guar and
5% KCl, with varying amounts of EG, is shown in Fig. 3.2.

By using the sodium derivative of ethylenediamine tetraacetic acid as gel
breaker in these compositions with EG, the decay of viscosity with time can
be adjusted accordingly [44].

Anionic galactomannans, which are derived from guar gum by partially
esterifying hydroxyl groups with sulfonate groups that result from AMPS
and 1-allyloxy-2-hydroxypropyl sulfonic acid [45], have been claimed to be
suitable as thickeners. The composition is capable of producing enhanced
viscosities, when used alone or in combination with a cationic polymer and
distributed in a solvent.

Polyhydroxy compounds can be modified by various reactions. Ether-
ification, exemplified with dextrose as the model compound, is shown in
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Figure 3.2 Viscosity of guar brines with varying amounts of ethylene glycol (EG) [44].

Figure 3.3 Modification of polyhydroxy compounds.

Fig. 3.3. Vinyl compounds used for the modification of guar are shown in
Fig. 3.4.

The temperature stability of fracturing fluids containing galactoman-
nan polymers is increased by adding a sparingly soluble borate with a slow
solubility rate. This provides a source of boron for solubilizing at elevated
temperatures, thus enhancing the crosslinking of the galactomannan poly-
mer.

The effect of nanoparticles on the rheology of fracturing fluids has been
studied [46]. Vapor-grown carbon fibers have been coated with silica and
subsequently functionalized with octadecyltrichlorosilane. The so modified
fibers have been added to a fracturing fluid gel. Rheological measurements
at a pH of 8.6, 9.3, and 10.3, respectively, showed an interaction with the
gels only at a lower pH than typically used for fracturing fluids.
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Figure 3.4 Vinyl modifiers for guar gum.

The presence of the modified nanoparticles minimally increases the
storage modulus of the guar gels. These gels behave similarly to the plain
guar gels, displaying no permanent damage to the gels under the applied
shear. In addition, the presence of the modified nanoparticles does not seem
to alter the structure and the crosslinking sites of the guar gel [46].

The grafting of a poly(alkoxyalkyleneamide) to guar gum gives suitable
guar derivates. The modification of either guar gum or hydroxypropyl guar
is achieved in a three-step process [47]:
1. carboxymethylation with sodium chloroacetate,
2. esterification with dimethyl sulfate, and
3. amidation with a poly(alkoxyalkyleneamide).

The process was followed by infrared spectroscopy. A series of hydrox-
ypropyl guar derivates with degrees of carboxymethylation of 0.2–0.3 were
modified with poly(alkoxyalkyleneamide) with molecular weights ranging
from 300 to 3000 Da.

The ratio of oxypropylene to oxyethylene units in the poly(alkoxyalky-
leneamide) was varied from 9:1 to 8:58 in order to adjust the hydrophobic-
ity of the final materials. The viscosities of the grafts are one to two orders
of magnitude lower than that of the neat guar gum [47].

3.2.2 Hydroxyethyl cellulose
HEC can be chemically modified by the reaction with vinylphosphonic
acid in the presence of the reaction product of hydrogen peroxide and a
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Figure 3.5 Amylose and cellulose.

ferrous salt. The HEC forms a graft copolymer with the vinylphosphonic
acid.

Amylose and cellulose are shown in Fig. 3.5. Amylose is a linear polymer
of glucose and is water-soluble. The difference between amylose and cellu-
lose is the way in which the glucose units are linked; amylose has α-linkages,
whereas cellulose contains β-linkages. Because of this difference, amylose is
soluble in water and cellulose is not. Chemical modification allows cellulose
to become water-soluble.

Modified HEC has been proposed as a thickener for hydraulic fractur-
ing fluids [34]. Polyvalent metal cations may be employed to crosslink the
polymer molecules to further increase the viscosity of the aqueous fluid.

3.2.3 Biotechnologic products
Gellan gum and wellan gum

Gellan gum is the generic name of an extracellular polysaccharide produced
by the bacterium Pseudomonas elodea. It is a linear anionic polysaccha-
ride with a molecular mass of 500 kDa, consisting of 1,3-β-D-glucose,
1,4-β-D-glucuronic acid, 1,4-β-D-glucose, and 1,4-α-L-rhamnose.

Wellan gum is produced by aerobic fermentation. The backbone of
wellan gum is identical to gellan gum, but it has a side chain consisting of
L-mannose or L-rhamnose. It is used in fluid loss additives and is extremely
compatible with calcium ions in alkaline solutions.

Reticulated bacterial cellulose

Cellulose produced by bacteria, with an intertwined reticulated structure,
has unique properties and functionalities, unlike conventional cellulose. It
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Table 3.3 Variant xanthan gums.

Number Repeating units Ratio

Pentamer D-glucose: D-mannose: D-glucuronic acid 2:2:1
Tetramer D-glucose: D-mannose: D-glucuronic acid 2:1:1

Figure 3.6 Carbohydrates and derivates.

improves fluid rheology and particle suspension over a wide range of con-
ditions in aqueous systems [36].

Xanthan gum

Xanthan gum is produced by the bacterium Xanthomonas campestris, and has
been used commercially since 1964. Xanthans are water-soluble polysac-
charide polymers with the repeating units [48] shown in Table 3.3 and
Fig. 3.6.

The D-glucose moieties are linked in a β-(1,4) configuration, and the
inner D-mannose moieties are linked in an α-(1,3) configuration, gener-
ally alternating with glucose moieties. The D-glucuronic acid moieties are
linked in a β-(1,2) configuration to the inner mannose moieties. The outer
mannose moieties are linked to the glucuronic acid moieties in a β-(1,4)
configuration.

Xanthan gum is used in oilfield applications in the form of a fermenta-
tion broth containing 8–15% of the polymer. The viscosity is less dependent
on the temperature than that of other polysaccharides.

3.2.4 Viscoelastic formulations
Viscoelastic surfactant (VES) fluids have the following advantages over con-
ventional polymer formulations [49]:
• higher permeability in the oil bearing zone,
• lower formation or subterranean damage,
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• higher viscosifier recovery after fracturing,
• no need for enzymes or oxidizers to break down viscosity, and
• easier hydration and faster buildup to optimum viscosity.

Disadvantages and drawbacks of VES fluids are their high costs, their
low tolerance to salts, and stability against high temperatures as found in
deep-well applications. However, there are recent formulations that over-
come these difficulties, at least to some extent.

The components of a viscoelastic fluid are a zwitterionic surfactant,
erucyl amidopropyl betaine, an anionic polymer, or N-erucyl-N,N-bis(2-
hydroxyethyl)-N-methyl ammonium chloride, poly(napthalene sulfonate),
and cationic surfactants, methyl poly(oxyethylene) octadecanammonium
chloride and poly(oxyethylene) cocoalkylamines [50,49]. The correspond-
ing fluids exhibit a good viscosity performance.

Typical viscoelastic surfactants are N-erucyl-N,N-bis(2-hydroxyethyl)-
N-methyl ammonium chloride and potassium oleate, solutions which form
gels when mixed with corresponding activators such as sodium salicylate
and potassium chloride [51].

The cationic surfactant should be soluble in both organic and inorganic
solvents. Solubility in hydrocarbon solvents is promoted by attaching mul-
tiple long-chain alkyl groups to the active surfactant unit [51]. Examples
are hexadecyltributylphosphonium and trioctylmethylammonium ions.

In contrast, cationic surfactants for viscoelastic solutions have rather a
single, long, linear hydrocarbon moiety attached to the surfactant group.
Obviously, there is a conflict between the structural requirements for
achieving solubility in hydrocarbons and for the formation of viscoelastic
solutions.

As a compromise, surfactant compounds that are suitable for reversibly
thickening water-based wellbore fluids and also soluble in both organic and
aqueous fluids have been designed.

Tallow amido propylamine oxide [52] is a suitable, nonionic surfactant
gelling agent. Nonionic fluids are inherently less damaging to the producing
formations than cationic fluid types, and are more efficacious than anionic
gelling agents.

The synthesis of branched oleates has been described. 2-Methyl oleic
acid methyl ester, or 2-methyl oleate, can be prepared from methyl oleate
and methyl iodide in the presence of a pyrimidine-based catalyst [51]. The
methyl ester is then hydrolyzed to obtain 2-methyl oleic acid.

It is sometimes believed that contact with a VES-gelled fluid instan-
taneously reduces the viscosity of the gel, but it has been discovered that
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Figure 3.7 2′′-Ethylhexyl acrylate.

Figure 3.8 Monomers for synthetic thickeners.

mineral oil can be used as an internal breaker for VES-gelled fluid systems
[53]. The rate of viscosity breaking at a given temperature is influenced by
the type and amount of salts present. In the case of low-molecular weight
mineral oils, it is important to add them after the VES component is added
to the aqueous fluid.

By using combinations of internal breakers, both the initial and final
break of the VES fluid may be customized. Fatty acid compounds or bac-
teria may be used in addition to mineral oil [54,53].

3.2.5 Miscellaneous polymers
A copolymer of 2′′-ethylhexyl acrylate and acrylic acid is not soluble either
in water or in hydrocarbons. The ester units are hydrophobic and the acid
units are hydrophilic. An aqueous suspension with a particle size smaller
than 10 µm can be useful in preparing aqueous hydraulic fracturing fluids
[55]. 2′′-Ethylhexyl acrylate is shown in Fig. 3.7.

A water-soluble polymer of N-vinyl lactam or vinyl containing sul-
fonate monomers reduces the water loss and enhances other properties of
well treating fluids in high-temperature subterranean environments [35].
Lignites, tannins, and asphaltic materials are added as dispersants. Vinyl
monomers are shown in Fig. 3.8.
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Lactide polymers

Degradable thermoplastic lactide polymers are used for fracturing fluids.
Hydrolysis is the primary mechanism for degradation of the lactide polymer
[56].

Biodegradable formulations

Biodegradable drilling fluid formulations have been suggested, which con-
sist of a polysaccharide in a concentration that is insufficient to permit
contamination by bacteria. The polymer is a high-viscosity CMC that is
sensitive to bacterial enzymes produced by the degradation of the polysac-
charide [57].

The biodegradability of seven kinds of mud additives was studied by
determining the content of dissolved oxygen in water, a simple biochemical
oxygen demand testing method. The biodegradability is high for starch but
lower for polymers of allyl monomers and additives containing an aromatic
group [58].

3.3 Concentrates

Historically, fracture stimulation treatments have been performed by using
conventional batch mix techniques, which involves premixing chemicals
into tanks and circulating the fluids until a desired gelled fluid rheology is
obtained. This method is time consuming and burdens the oil company
with disposal of the fluid if the treatment ends prematurely.

Environmental damage during spillage or disposal can be avoided if the
fluid is capable of being gelled as needed. Thus gelling-as-needed technol-
ogy has been developed with water, methanol, and oil [59]. This procedure
eliminates batch mixing and minimizes handling of chemicals and base
fluid. The customer is charged only for products used, and environmental
concerns regarding disposal are virtually eliminated. Computerized chem-
ical addition and monitoring, combined with on-site procedures, ensure
quality control throughout treatment. Fluid rheologies can be accurately
varied during the treatment by varying polymer loading.

The use of a diesel-based concentrate with hydroxypropyl guar gum has
been evolved from batch-mixed dry powder procedures [60]. The applica-
tion of such a concentrate reduces system requirements, and companies can
benefit from the reduced logistic burden that comes from using the diesel
hydroxypropyl guar gum concentrate.



Thickeners 69

Table 3.4 Components of a slurry concentrate [61].

Component Example

Hydrophobic solvent base Diesel
Suspension agent Organophilic clay
Surfactant Ethoxylated nonyl phenol
Hydratable polymer Hydroxypropyl guar gum

Figure 3.9 Surfactants in a slurry concentrate.

A fracturing fluid slurry concentrate has been proposed [61] that consists

of the components shown in Table 3.4. Such a polymer slurry concentrate

will readily disperse and hydrate when admixed with water at the proper

pH, thus producing a high-viscosity aqueous fracturing fluid. The frac-

turing fluid slurry concentrate is useful for producing large volumes of

high-viscosity treating fluids at the well site on a continuous basis. Suitable

surfactants are shown in Fig. 3.9.

Fluidized aqueous suspensions of 15% or more of HEC, hydropho-

bically modified cellulose ether, hydrophobically modified HEC, methyl

cellulose, hydroxypropylmethyl cellulose, and poly(ethylene oxide) are pre-

pared by adding the polymer to a concentrated sodium formate solution

containing xanthan gum as a stabilizer [62].

The xanthan gum is dissolved in water before sodium formate is added.

Then the polymer is added to the solution to form a fluid suspension of the

polymers. The polymer suspension can serve as an aqueous concentrate for

further use.
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Figure 3.10 Aluminum isopropoxide.

3.4 Thickeners for oil-based systems

3.4.1 Organic gel aluminum phosphate ester
A gel of diesel or crude oil can be produced using a phosphate diester or
an aluminum compound with phosphate diester [63]. The metal phosphate
diester may be prepared by reacting a triester with phosphorous pentox-
ide to produce a poly(phosphate), which is then reacted with hexanol to
produce a phosphate diester [64].

The latter diester is then added to the organic liquid along with a
nonaqueous source of aluminum, such as aluminum isopropoxide (cf.
Fig. 3.10), in diesel oil, to produce the metal phosphate diester. The con-
ditions in the previous reaction steps are controlled to provide a gel with
good viscosity versus temperature and time characteristics. All the reagents
are substantially free of water and will not affect the pH. The synthesis of
a phosphate diesters is shown in Fig. 3.11. It runs via triethyl phosphate,
phosphorous pentoxide, and the esterification reaction with hexanol.

Enhancers for phosphate esters are amino compounds [65]. The
2-ethylhexanoic acid trialuminum salt has been suggested with fatty acids
as an activator [66].

Another method to produce oil-based hydrocarbon gels is to use ferric
salts [67] rather than aluminum compounds for combination with or-
thophosphate esters. The ferric salt has the advantage of being usable in
the presence of large amounts of water, up to 20%. Ferric salts can be ap-
plied in wide ranges of pH. The linkages that are formed can still be broken
with gel breaking additives conventionally used for that purpose.

3.4.2 Increasing the viscosity of diesel
A copolymer of N,N-dimethylacrylamide and N,N-dimethyl aminopropyl
methacrylamide, a monocarboxylic acid, and ethanolamine may serve to in-
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Figure 3.11 Synthesis of higher phosphoric esters.

crease the viscosity of diesel or kerosene [68]. These compounds are shown
in Fig. 3.12.

3.5 Viscoelasticity

Viscoelastic materials exhibit both viscous and elastic properties under me-
chanical deformation. Such materials exhibit a hysteresis in the stress strain
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Figure 3.12 Monomers in a copolymer for viscosifying diesel.

Figure 3.13 Maxwell model.

curves. Further, a relaxation of stress occurs under constant strain, i.e., the
stress is diminished. Moreover, viscoelastic materials are creeping.

A simple model for such materials has been worked out by James Clerk
Maxwell already in 1867 [69]. A Maxwell fluid, or Maxwell body, can be
modeled by an idealized viscous damper and by an idealized elastic spring
connected in series. The basic device is shown in Fig. 3.13.

Thus the Maxwell model can explain both elastic properties and viscous
properties. Some basic issues of the Maxwell model have been revisited
[70]. The basic Maxwell model can be represented by

dεt

dt
= dεd

dt
+ dεs

dt
= σ

η
+ 1

E
dσ

dt
. (3.1)

The change of total elongation εt in time t is the sum of the change of
elongation of the damper εD and the change of elongation of the spring εt.
The right-hand side of Eq. (3.1) contains simply Newton’s law of flow and
Hooke’s law of the elongation of an ideal spring, i.e.,

dεd

dt
= σ

η
, εs = 1

E
σ,

the latter in the rather uncommon differential form. Thus, η is the New-
tonian viscosity, σ is the stress, and E is the elastic modulus. By the way, if
the spring and the damper are coupled parallel instead of consecutively, the
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Figure 3.14 Viscosity versus concentration of surfactant [72].

Kelvin–Voigt model emerges, which may be experienced in self-closing
doors.

The property of viscoelasticity has been well investigated [71]. Aqueous
solutions of cationic surfactants with strong binding forces of the ions show
properties similar to gels.

Microstructural transitions and rheological properties of viscoelastic so-
lutions formed in a catanionic surfactant system were studied using a com-
bination of rheology and dynamic light scattering [72]. The rheological be-
havior can be very complicated. In a study on a surfactant system based on
dodecyltriethylammonium bromide and sodium dodecyl sulfate, wormlike
micelles began to form above a certain surfactant concentration, caused by
the growth of small cylindrical micelles. In an intermediate concentration
range, the system exhibits a linear viscoelasticity with the characteristics of
a Maxwell fluid. Eventually, at higher surfactant concentrations, a transition
from linear micelles to branched structures may take place.

The changes of the viscosity at zero shear rate with the total concen-
tration of surfactant with a ratio of dodecyltriethylammonium bromide to
sodium dodecyl sulfate of 27:73 are shown in Fig. 3.14.

3.5.1 Viscoelastic thickeners
Viscoelasticity is caused by a different type of micelle formation than the
usual spherical micelles formed by most surfactants. VESs are believed to
impart viscosity to an aqueous fluid by the molecules organizing themselves



74 Hydraulic Fracturing Chemicals and Fluids Technology

into micelles. Spherical micelles do not give increased viscosity; however,
when the micelles have an elongated configuration, for instance rod-shaped
or worm-shaped, they become entangled with one another, thereby in-
creasing the viscosity of the fluid [73].

Elongated VES structures are referred to as living because there is a
continuous exchange of VES type surfactants leaving the VES micelle
structures to the aqueous solution and other surfactants leaving the aqueous
solution and entering or reentering the VES micelle structures.

VES solutions exhibit a shear thinning behavior. They remain stable de-
spite repeated high-shear applications. By comparison, a typical polymeric
thickener will irreversibly degrade when subjected to high-shear applica-
tions [74].

Internal breakers work by the rearrangement of the VES micelle from
rod-shaped or worm-shaped elongated structures to spherical structures. In
other words, they perform the collapse or rearrangement of the viscous
elongated micelle structures to nonviscous, more spherical micelle struc-
tures [73].

3.5.2 Enhanced shear recovery agents
Some viscoelastic surfactant fluids exhibit a low shear recovery when sub-
jected to high shear. However, unacceptably long shear recovery times
hinder the operation of deep-well oilfield applications. Enhanced shear re-
covery agents reduce the shear recovery time of a viscoelastic surfactant
fluid.

Enhanced shear recovery agents are based on alkylated poly(glucoside)s,
poly(glucamide)s, or copolymers based on ethylene glycol ethyl ether acry-
late. Glucamides consist of cyclic forms of glucose in which the hydrogen
of the hemiacetal group has been replaced with an alkyl or aryl moiety. The
basic structures of glucoside and glucamide are shown in Fig. 3.15.

Viscoelastic surfactant fluids are made by mixing suitable surfactants.
When the surfactant concentration significantly exceeds a critical level,
and is eventually subjected to the presence of an electrolyte, the surfactant
molecules aggregate and form structures, such as micelles, that can interact
to form a network exhibiting viscoelastic behavior [75].

Viscoelastic surfactant solutions can be formed by the addition of cer-
tain reagents to concentrated solutions of surfactants. The surfactants are
long-chain quaternary ammonium salts such as cetyltrimethyl ammonium
bromide.



Thickeners 75

Figure 3.15 Glucoside and glucamide structures [74].
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CHAPTER 4

Friction reducers
During the drilling, completion, and stimulation of subterranean wells,
treatment fluids are often pumped through tubular structures, e.g., pipes
or coiled tubing. A considerable amount of energy may be lost due to tur-
bulence in the treatment fluid. As a result of these energy losses, additional
horsepower may be necessary to achieve the desired treatment [1].

Low pumping friction pressures are achieved by delaying the crosslink-
ing of the compositions, but there are also specific additives available to
reduce the drag in the tubings. The first application of drag reducers was
using guar in oil well fracturing, now a routine practice.

Relatively small quantities of a bacterial cellulose (0.60–1.8 g l−1) in
hydraulic fracturing fluids enhance their rheologic properties [2]. The sus-
pension of the proppant is enhanced and friction loss through well casings
is reduced.

4.1 Incompatibility

Although quaternary surfactants can be useful when used together with
biocides, some quaternary surfactants may have a fundamental incompati-
bility with anionic friction reducers, which are also useful in subterranean
operations.

It is believed that this fundamental incompatibility may arise from
charges present on both molecules that may cause the quaternary surfactant
and the friction reducer to react, and eventually a precipitate is formed.
Additionally, some biocides, e.g., oxidizers, may degrade certain friction
reducers [3].

4.2 Polymers

Poly(acrylamide) (PAM) and poly(acrylate) polymers and copolymers are
used typically for high-temperature applications or friction reducers at low
concentrations for all temperatures ranges [4]. To reduce the energy losses
in the course of pumping, certain friction reducing polymers have been
included in treatment fluids.
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Table 4.1 Monomers for friction reducing polymers [1].

Monomer

Acrylamide
Acrylic acid
2-Acrylamido-2-methylpropane sulfonic acid
N,N-dimethylacrylamide
Vinyl sulfonic acid
N-Vinyl acetamide
N-Vinyl formamide
Itaconic acid
Methacrylic acid
Acrylic acid esters
Methacrylic acid esters

In general, friction reducing polymers are high-molecular weight poly-
mers, such as those having a molecular weight of at least about 2.5 MDa.
Typically, friction reducing polymers are linear and flexible. One example
of such a friction reducing polymer is a copolymer from acrylamide (AAm)
and acrylic acid [1]. A wide variety of monomers may be suitable for use
with the present technique. These are summarized in Table 4.1.

Friction reducing polymers may be in the acid form or in the salt form.
Multivalent ions contained in the water used to prepare the treatment fluids
may undesirably interact with the friction reducing polymers. The multi-
valent ions may reduce the effectiveness of the friction reducing polymers.
The use of complexing agents to control the multivalent ions in the water
can improve the performance of the friction reducing polymers.

It has been discovered that addition of the complexing agent to the
concentrated polymer composition rather than to the water may reduce
the amount of the complexing agent needed to improve performance of
the friction reducing polymers. By adding an inorganic complexing agent
to the oil continuous phase, where it is insoluble, a much improved friction
reducer performance can be observed. Examples of complexing agents are
shown in Table 4.2.

4.3 Environmental aspects

The use of friction reducing polymers has proved challenging from an
environment standpoint [6]. For example, many of the friction reducing
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Table 4.2 Complexing agents [1,5].

Compound

Carbonates
Phosphates
Pyrophosphates
Orthophosphates
Citric acid
Gluconic acid
Glucoheptanoic acid
Ethylenediamine tetraacetic acid
Nitrilotriacetic acid

polymers that have been used previously are provided as oil-external emul-
sion polymers, wherein upon addition to the aqueous treatment fluid, the
emulsion should invert, releasing the friction reducing polymer into the
fluid.

While aqueous pad fluids and other aqueous well treating fluids con-
taining friction pressure reducers have been used successfully, the friction
pressure reducers have been suspended in a hydrocarbon–water emulsion
and as a result they have been toxic and detrimental to the environment.
Thus, there are needs for improved friction pressure reducers which are
nontoxic and environmentally acceptable [7].

The hydrocarbon carrier fluid present in the oil-external emulsion may
pose environmental problems with the subsequent disposal of the treatment
fluid. Among other reasons, disposal of hydrocarbons, e.g., the carrier fluid
in the oil-external emulsion, may have undesirable environmental charac-
teristics or may be limited by strict environmental regulations in certain
areas of the world [6].

Furthermore, the hydrocarbon carrier fluid present in the oil-external
emulsion also may undesirably contaminate water in the formation. Water-
based friction reducing polymers seem to be more suitable than other
polymer types for environmental aspects.

A nontoxic environmentally acceptable friction pressure reducer can
be formulated from a copolymer of AAm and dimethylaminoethyl acry-
late quaternized with benzyl chloride and a stabilizing and dispersing
homopolymer of acryloyloxyethyltrimethyl ammonium chloride [7]. The
structure of this monomer is shown in Fig. 4.1.
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Figure 4.1 Acryloyloxyethyltrimethyl ammonium chloride.

Table 4.3 Friction reduction by AMPS-based polymers for foamed liquids [8].
Polymer type AMPS/[%] Friction loss/[%]
Acrylamide, traces acrylate 0 0
15–20% AMPS, acrylamide, traces acrylate 15–20 13
Cationic acrylamide 0 0
<10% AMPS, acrylamide, traces acrylate 10 0
Cationic acrylamide 0 0
20–25% AMPS, acrylamide, acrylate 20–25 22
40% AMPS, acrylamide, traces acrylate 40 39

4.4 Carbon dioxide-foamed fluids

The capability of friction reduction of 2-acrylamido-2-methyl-1-propane
sulfonic acid (AMPS) on carbon dioxide-foamed fluids using 20% carbon
dioxide by volume is shown in Table 4.3.

4.4.1 Polymer emulsions
Copolymers from AAm and an anionic monomer, such as acrylamido-
propanesulfonic acid, acrylic acid, methacrylic acid, monoacryloxyethyl
phosphate, or the corresponding alkali metal salts, have been described as
viscosity reducing components [9].

By adding a relatively large amount of surfactant, the hydrophilicity and
dispersibility of the polymer are increased, thus increasing the stability of
the system in the fluid. Furthermore, an increased surfactant level increases
the inversion rate of the additive, even under low-energy conditions. As
a result, less polymer is needed to achieve the desired friction reducing
performance.

However, inverting surfactants may adversely interact with the emulsi-
fier or emulsion and destroy it prior to use. Therefore polymer emulsions
generally contain less than 5% of inverting surfactant. Polymer emulsions
with such low amounts of inverting surfactant, however, may not provide
the desired reduction in friction because the polymer emulsion either does
not invert completely or is not brine- or acid-tolerant.
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Table 4.4 Composition for emulsion polymerization [10].
Component Amount/[%]
Paraffinic/napthenic organic solvent 21.1732
Tall oil fatty acid diethanolamine 1.1209
Poly(oxyethylene) sorbitan monooleate 0.0722
Sorbitan monooleate 0.3014
Acrylamide 22.2248
4-Methoxyphenol 0.0303
Ammonium chloride 1.6191
Acrylic acid 4.3343
Ethylenediamine tetracetic acid 0.0237
tert-Butyl hydroperoxide 0.0023
Sodium metabisulfite 0.2936
2,2′-Azobis(2-amidinopropane)dihydrochloride 0.0311
Ethoxylated C12−C16 alcohol 1.3700
Water 43.1737

In the formulations a stepwise addition of two solvent surfactant combi-
nations are used [9]. The solvent is preferably a terpene, such as d-limonene,
dipentene, l-limonene, d,l-limonene, myrcene, or α-pinene. The surfac-
tant is selected from ethoxylated glycerides, ethoxylated sorbitan esters,
ethoxylated alkyl phenols, ethoxylated alcohols, castor oil ethoxylates, co-
coamide ethoxylates, and sorbitan monooleates. The surfactant should have
a hydrophile–lipophile balance of above about 7.

4.5 Oil-external copolymer emulsions

Emulsion polymerization may be used to prepare an oil-external copoly-
mer emulsion to get a friction reducing copolymer. Techniques of emul-
sion polymerization can be varied with respect to initiation temperature,
amount and type of initiator, monomers, and stirring rate. An example of
such a composition that may be used for a suitable oil-external copolymer
emulsion is shown in Table 4.4.

Friction reduction tests were performed using friction reducing copoly-
mers fabricated from varying concentrations of acrylamide and acrylic acid.
The results are shown in Table 4.5.
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Table 4.5 Friction reduction [10].
After time/[min] Ratio of acrylamide/acrylic acid

70/30 85/15 87.5/12.5 90/10
4 65.9 66.3 62.2 57.2
9 61.0 56.1 54.3 50.2
14 55.2 49.8 50.3 45.2
19 50.0 45.8 45.7 41.3
Maximum 69.7 71.1 70.7 69.7

4.6 Poly(acrylamide) with weak labile links

The availability of water-soluble polymers containing weak links in the
backbone of the polymer that can be degraded upon experiencing a certain
trigger, such as temperature, pH, or reducing agent, is highly advantageous
[11]. Because of the ability of weak links to degrade under certain con-
ditions, such polymers can be used for their intended application and can
afterwards be degraded in a controlled and predetermined way. The re-
sulting lower-molecular weight fractions of that polymer lead to a reduced
viscosity and quick partitioning into the water phase, and they are also less
likely to be adsorbed onto formation surfaces. Additionally, no oxidizers
need to be pumped to break or clean the deposited polymer, thus saving
treatment time.

It has been proved that using a bifunctional reducing agent containing
degradable groups and oxidizing metal ions as a redox couple is an effective
method to initiate free-radical polymerization and build degradable groups
into the backbone of vinyl polymers.

Temperature-degradable but hydrolytically stable azo groups showed
the most desirable results. The presence of azo groups in the backbone of
PAM was confirmed by nuclear magnetic resonance spectroscopy and dif-
ferential scanning calorimetry. The degradation behavior of the PAM with
temperature-sensitive azo groups was characterized using gel permeation
chromatography, which proved that multiple labile links were built into the
polymer backbone. It was also found that PAM with azo links in the poly-
mer backbone is as good a drag reducing agent as pure PAM. However,
PAM with azo links in the backbone loses its drag reduction properties
once subjected to elevated temperatures, which for some applications is
viewed as an advantage [11].



Friction reducers 87

References
[1] I.D. Robb, T.D. Welton, J. Bryant, M.L. Carter, Friction reducer performance in wa-

ter containing multivalent ions, US Patent 7 846 878, assigned to Halliburton Energy
Services, Inc., Duncan, OK, December 7, 2010.

[2] G.S. Penny, R.S. Stephens, A.R. Winslow, Method of supporting fractures in geologic
formations and hydraulic fluid composition for same, US Patent 5 009 797, assigned to
Weyerhaeuser Co., April 23, 1991.

[3] J.E. Bryant, D.E. McMechan, M.A. McCabe, J.M. Wilson, K.L. King, Treatment fluids
having biocide and friction reducing properties and associated methods, September
2009.

[4] B. Lukocs, S. Mesher, T.P.J. Wilson, T. Garza, W. Mueller, F. Zamora, L.W. Gatlin,
Non-volatile phosphorus hydrocarbon gelling agent, July 2007.

[5] D.E. McMechan, R.E. Hanes Jr., I.D. Robb, T.D. Welton, K.L. King, B.J. King, J.
Chatterji, Friction reducer performance by complexing multivalent ions in water, US
Patent 7 579 302, assigned to Halliburton Energy Services, Inc., Duncan, OK, August
25, 2009.

[6] K.L. King, D.E. McMechan, J. Chatterji, Water-based polymers for use as friction
reducers in aqueous treatment fluids, US Patent 7 271 134, assigned to Halliburton
Energy Services, Inc., Duncan, OK, September 18, 2007.

[7] K.L. King, D.E. McMechan, J. Chatterji, Methods, aqueous well treating fluids and
friction reducers therefor, US Patent 6 784 141, assigned to Halliburton Energy Ser-
vices, Inc., Duncan, OK, August 31, 2004.

[8] P.C. Harris, S.J. Heath, Friction reducers for fluids comprising carbon dioxide and
methods of using friction reducers in fluids comprising carbon dioxide, US Patent
7 117 943, assigned to Halliburton Energy Services, Inc., Duncan, OK, October 10,
2006.

[9] E. Parnell, T. Sanner, M. Holtmyer, D. Philpot, A. Zelenev, G. Gilzow, L. Cham-
pagne, T. Sifferman, Drag-reducing copolymer compositions, US Patent Application
20120 035 085, assigned to Cesi Chemical, Inc., Marlow, OK, February 2012.

[10] J. Chatterji, K.L. King, D.E. McMechan, Subterranean treatment fluids, friction reduc-
ing copolymers, and associated methods, US Patent 7 004 254, assigned to Halliburton
Energy Services, Inc., Duncan, OK, February 28, 2006.

[11] E. Kot, R. Saini, L.R. Norman, A. Bismarck, Novel drag-reducing agents for fractur-
ing treatments based on polyacrylamide containing weak labile links in the polymer
backbone (includes supplementary experimental section), SPE Journal 17 (3) (Septem-
ber 2012) 924–930.



CHAPTER 5

Fluid loss additives
The basic issues of fluid loss additives have been reviewed [1,2]. Fluid loss
additives are also called filtrate reducing agents. Fluid losses may occur when
the fluid comes in contact with a porous formation. This is relevant for
drilling and completion fluids, fracturing fluids, and cement slurries.

The extent of fluid loss is dependent on the porosity and thus the per-
meability of the formation and may reach approximately 10 t/hr. Because
the fluids used in petroleum technology are in some cases quite expen-
sive, and extensive fluid loss may not be tolerable. Of course, there are also
environmental reasons to prevent fluid loss.

5.1 Mechanism of action of fluid loss agents

Reduced fluid loss is achieved by plugging a porous rock in some way. The
basic mechanisms are shown in Table 5.1.

5.1.1 Fluid loss measurement
The fluid loss process is complex and difficult to model because many of the
parameters are not accessible for evaluation. Therefore, empirical models
have been used, and some of them perform well. Also the protocols of
testing influence the quality of the data. Some of the models have been
reviewed and other models have been proposed that provide better fits to
the available data [3].

Static fluid loss measurements provide inadequate results for comparing
fracturing fluid materials or for understanding the complex mechanisms of
viscous fluid invasion, filter cake formation, and filter cake erosion [4]. On

Table 5.1 Mechanisms of fluid loss prevention.
Particle type Description
Macroscopic Suspended particles may clog the pores, forming a filter

cake with reduced permeability.
Microscopic Macromolecules form a gel in the boundary layer of a

porous formation.
Chemical grouted A resin is injected in the formation, which cures irre-

versibly; suitable for bigger caverns.
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the other hand, dynamic fluid loss studies have inadequately addressed the
development of proper laboratory methods, which has led to erroneous and
conflicting results.

Results from a large-scale, high-temperature, high-pressure simulator
were compared with laboratory data, and significant differences in spurt
loss values were found [5].

Static experiments with pistonlike filtering can be reliable, however, to
obtain information on the fluid loss behavior in certain stages of a cemen-
tation process, in particular when the slurry is at rest.

Experimental studies indicated that two distinct stages of fluid loss can
be differentiated [6]:
1. an early high-leakoff phase before a competent filter cake is established

across the face of the formation (spurt loss), and
2. a stage where all the fluid loss is controlled by the leakoff through the

filter cake.

5.1.2 Action of macroscopic particles
A monograph concerning the mechanism of invasion of particles into the
formation is given by Chin [7].

One of the basic mechanisms in fluid loss prevention is shown in
Fig. 5.1. The fluid contains suspended particles. These particles move with
the lateral flow out of the drill hole into the porous formation. The porous
formation acts like a sieve for the suspended particles. The particles there-
fore will be captured near the surface and accumulated as a filter cake.

The hydrodynamic forces acting on the suspended colloids determine
the rate of cake buildup and therefore the fluid loss rate. A simple model
has been proposed in the literature that predicts a power law relationship
between the filtration rate and the shear stress at the cake surface [8].

The model shows that the cake formed will be inhomogeneous with
smaller particles being deposited as the filtration proceeds. An equilibrium
cake thickness is achieved when no particles small enough to be deposited
are available in the suspension. The cake thickness can be computed as a
function of time from the model.

For a given suspension rheology and flow rate there is a critical perme-
ability of the filter, below which no cake will be formed. The model also
suggests that the equilibrium cake thickness can be precisely controlled by
an appropriate choice of suspension flow rate and filter permeability.

High-permeability fracturing zones can easily be damaged by deeply
penetrating fluid leakoff along the fracture, or by the materials in the fluid
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Figure 5.1 Formation of a filter cake in a porous formation from suspension (•) in a
drilling fluid.

to minimize the amount of leakoff. Several fracturing treatments in high-
permeability formations, which are characterized by short lengths, and
often by disproportionate widths, exhibit positive posttreatment skin ef-
fects. This is the result of fracture face damage [9]. If the invasion of the
fracturing fluid is minimized, the degree of damage is of secondary impor-
tance.

So if the fluid leakoff penetration is small, even severe permeability im-
pairments can be tolerated without exhibiting positive skin effects. The
first priority in designing fracture treatments should be to maximize the
conductivity of the fracture. In high-permeability fracturing, the use of
high concentrations of polymer-crosslinked fracturing fluids with fluid loss
additives and breakers is recommended.

Materials used to minimize leakoff can also damage the conductivity of
the proppant pack. High shear rates at the tip of the fracture may prevent
the formation of external filter cakes, hence increasing the magnitude of
spurt losses in highly permeable formations, so nondamaging additives are
needed. Enzymatically degradable fluid loss additives are available. Table 5.2
presents some fluid loss additives suitable for hydraulic fracturing fluids.

The conductivity of fractures created with guar-based polymers may be
low because of residual unbroken polymer gel remaining in the fracture.
This residue can cause a permeability impairment in the proppant pack, re-
sulting in a low fracture conductivity and decreased effective fracture length.
An evaluation of two important aspects of the gel damage process has been
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Table 5.2 Fluid loss additives for hydraulic fracturing fluids.

Chemical References

Calcium carbonate and lignosulfonatea [10,11]
Natural starch [12–14]
Carboxymethyl starch [12–14]
Hydroxypropyl starchb [12–14]
Hydroxyethyl cellulose (HEC) with crosslinked guar gumsc [15]
Granular starch and particulate mica [15]
a Wellan or xanthan gum polymer can be added to keep the calcium carbonate and lignosulfonate in

suspension.
b Synergistic effect, see text.
c 500 mD permeability.

performed, i.e., the thickness of the filter cake and the yield stress of the
concentrated polymer gel that accumulates in the fracture [16].

The thickness of the filter cake created during the leakoff process is a
function of the polymer loading and the amount of leakoff. The thickness
of the filter cake varies linearly with leakoff volume. This means that the
gel concentration factor is constant for such a guar polymer fluid. The
concentrated polymer filter cake created by leakoff exhibits a rheology like
Herschel–Bulkley fluids with a yield stress.

A Herschel–Bulkley fluid is a generalized non-Newtonian fluid. There,
the strain experienced by the fluid is related to the stress in a rather com-
plicated, nonlinear way, characterized by the consistency k, the flow index
n, and the yield shear stress tensor τ0. This fluid model was created in 1926
[17].

The yield stress is a critical parameter that indicates whether the gel
can be removed from the fracture. The yield stress of polymer filter cakes
depends strongly on the concentration of both polymer and gel breaker
[16].

5.2 Additive chemicals

5.2.1 Granular starch and mica
A fluid loss additive has been described that consists of granular starch com-
position and fine particulate mica [18]. Mica belongs to the group of sheet
silicates. Some mica minerals are listed in Table 5.3.

A method of fracturing a subterranean formation penetrated by a bore-
hole comprises injecting into the borehole and into contact with the forma-
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Table 5.3 Mica minerals.
Name Formula

Biotite K(Mg,Fe)3(AlSi3)O10(OH)2

Muscovite KAl2(AlSi3)O10(OH)2

Phlogopite KMg3(AlSi3)O10(OH)2

Lepidolite K(Li,Al)2−3(AlSi3)O10(OH)2

Margarite CaAl2(Al2Si2)O10(OH)2
Glauconite (K,Na)(Al,Mg,Fe)2(Si,Al)4O10(OH)2

tion, at a rate and pressure sufficient to fracture the formation, a fracturing
fluid containing the additive in an amount sufficient to provide fluid loss
control.

5.2.2 Depolymerized starch
Partially depolymerized starch provides decreased fluid losses at much lower
viscosities than the corresponding starch derivatives that have not been par-
tially depolymerized [19].

5.2.3 Controlled degradable fluid loss additives
A fluid loss additive for a fracturing fluid has been described that comprises
a mixture of natural and modified starches plus an enzyme [20]. As stated
already in detail before, the enzyme degrades the α-linkage of starch but
does not degrade the β-linkage of guar and modified guar gums when used
as a thickener.

Natural or modified starches are utilized in a preferred ratio of 3:7 to
7:3, with the optimum at 1:1, and the mix is used in the dry form for
application from the surface down the well. The preferred modified starches
are the carboxymethyl and hydroxypropyl derivatives. Natural starches may
be those of corn, potatoes, wheat, and soy, and the most preferred is corn
starch.

Blends include two or more modified starches, as well as blends of
natural and modified starches. Optionally, the starches are coated with a
surfactant, such as sorbitan monooleate, ethoxylated butanol, or ethoxy-
lated nonyl phenol, to aid dispersion into the fracturing fluid.

A fluid loss additive has been described [21] that helps achieve a desired
fracture geometry by lowering the spurt loss and leakoff rate of the fractur-
ing fluid into the surrounding formation by rapidly forming a filter cake
with low permeability. The fluid loss additive is readily degraded after the
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completion of the fracturing process. The additive has a broad particulate
size distribution that is ideal for use in effectively treating a wide range of
formation porosities and is easily dispersed in the fracturing fluid.

This fluid loss additive is a blend of modified starches or of one or more
modified starches and one or more natural starches. These blends have been
found to maintain injected fluid within the created fracture more effectively
than natural starches. The additive is subject to controlled degradation to
soluble products by a naturally proceeding oxidation reaction or by bacterial
attack by bacteria naturally present in the formation. The oxidation may be
accelerated by adding oxidizing agents such as persulfates and peroxides.

Preferred peroxides are calcium peroxide and magnesium peroxide [22].
As persulfate breakers, ammonium persulfate, sodium persulfate, and potas-
sium persulfate have been suggested [23,24].

Degradation of fluid loss additives

A fluid loss additive for fracturing fluids, which is a mixture of natural
starch (corn starch) and chemically modified starches (carboxymethyl and
hydroxypropyl derivatives) plus an enzyme, has been described [20,25]. The
enzyme degrades the α-linkage of starch but does not degrade the β-linkage
of guar and modified guar gums when used as a thickener.

The starches can be coated with a surfactant, such as sorbitan mono-
oleate, ethoxylated butanol, or ethoxylated nonyl phenol, to facilitate the
dispersion into the fracturing fluid. Modified starches or blends of modi-
fied and natural starches with a broad particulate size distribution have been
found to maintain the injected fluid within the created fracture more effec-
tively than natural starches [21]. The starches can be degraded by oxidation
or by bacterial attack.

5.2.4 Succinoglycan
Succinoglycan is a biopolymer. It has been shown to possess a combination
of desirable properties for fluid loss control [26,27]. These include ease of
mixing, cleanliness, shear thinning rheology, temperature-insensitive vis-
cosity below its transition temperature (Tm), and an adjustable transition
temperature (Tm) over a wide range of temperatures. Succinoglycan fluids
rely solely on viscosity to reduce fluid loss. It does not form a hard-to-
remove filter cake, which can cause considerable formation damage.

Based on these findings, succinoglycan has been used successfully as a
fluid loss pill before and after gravel packing in more than 100 offshore
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wells. Calculations based on laboratory-measured rheology and field ex-
perience have shown succinoglycan to be effective in situations in which
HEC is not. Fluid loss, even over 40 barrels/hr, was reduced to several
barrels per hour after application of a properly designed succinoglycan pill.
Most wells experienced no problem in production after completion.

Succinoglycan can be degraded with an internal acid breaker [28]. The
formation damage that results from the incomplete back-production of
viscous fluid loss control pills can be minimized if a slow-acting internal
breaker is employed. In particular, core-flow tests have indicated that com-
bining a succinoglycan-based pill with a hydrochloric acid internal breaker
enables a fluid loss system with sustained control followed by delayed break
back and creates only low levels of impairment. To describe the delayed
breaking of the succinoglycan/hydrochloric acid system, a model based on
the bond breaking rate has been used.

With this model, it is possible to predict the change of the rheologic
properties of the polymer as a function of time for various formation
temperatures, transition temperatures of the succinoglycan, and acid con-
centrations. The model can be used to identify optimal formulations of
succinoglycan and acid breaker on the basis of field requirements, such as
the time interval over which fluid loss control is needed, the overbalance
pressure a pill should be able to withstand, and the brine density required.

5.2.5 Scleroglucan
A combination of graded calcium carbonate particle sizes, a nonionic
polysaccharide of the scleroglucan type, and a modified starch has been
claimed for use in fluid loss formulations [11]. It is important that the cal-
cium carbonate particles are distributed across a wide size range to prevent
filtration or fluid loss into the formation. Because the filter cake particles
do not invade the wellbore due to the action of the biopolymer and the
starch, no high-pressure spike occurs during the removal of the filter cake.

The rheologic properties of the fluid allow it to be used in a number
of applications in which protection of the original permeable formation
is desirable. The applications include drilling, fracturing, and controlling
fluid losses during completion operations, such as gravel packing or well
workovers.

5.2.6 Poly(orthoester)s
Aliphatic poly(ester)s degrade chemically by a hydrolytic cleavage. The pro-
cess of hydrolysis can be catalyzed by both acids and bases. During the
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Table 5.4 Fracturing fluid composition [29].
Compound Tradenamea %
Water
Potassium chloride 1
Deemulsifier LO-SURF 300 0.05
Poly(ester) 0.15
Guar 0.2
Buffer (CH3COOH) BA-20 0.005
Caustic MO-67 0.1
Borate-crosslinking agent CL-28M 0.05
Gel breaker (NaClO3) VICON NF 0.1
Bactericide (2,2-dibromo-3-nitrilopropionamide) BE-3S 0.001
Bactericide (2-bromo-2-nitro-1,3-propanediol) BE-6 0.001
Fracturing sand 50
a Halliburton Energy Services, Inc.

hydrolysis, carboxylic end groups are formed during chain scission, and this
may enhance the rate of further hydrolysis. This mechanism is known in
the art as autocatalysis and is thought to make poly(ester) matrices more
bulk-eroding.

Among the esters, poly(orthoester)s and aliphatic poly(ester)s, such as
poly(lactide)s, are preferred. Poly(lactide)s can be synthesized either from
lactic acid by a condensation reaction or more commonly by ring opening
polymerization of a cyclic lactide monomer.

The degradation by hydrolysis should be rather slow. In fracturing op-
erations, the material should not begin to degrade until after the proppant
has been placed in the fracture. Moreover, the slow degradation helps to
provide fluid loss control during the placement of the proppant [29]. An
example of a fracturing fluid composition is given in Table 5.4.

5.2.7 Poly(hydroxyacetic acid)
A low-molecular weight condensation product of hydroxyacetic acid with
itself or compounds containing other hydroxy acid, carboxylic acid, or hy-
droxy carboxylic acid moieties have been suggested as a fluid loss additive
[30]. Production methods of the polymer have been described.

The reaction products are ground to 0.1–1500 µm particle size. The
condensation product can be used as a fluid loss material in a hydraulic
fracturing process in which the fracturing fluid comprises a hydrolyzable,
aqueous gel.
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The hydroxyacetic acid condensation product hydrolyzes at formation
conditions to provide hydroxyacetic acid, which breaks the aqueous gel au-
tocatalytically and eventually provides the restored formation permeability
without the need of the separate addition of a gel breaker [31–33].

5.2.8 Polyphenolics
Organophilic polyphenolic materials for oil-based drilling muds have been
described [34]. The additives are prepared from a polyphenolic material
and one or more phosphatides. The phosphatides are phosphoglycerides
obtained from vegetable oils, preferably commercial lecithin.

Humic acids, lignosulfonic acid, lignins, phenolic condensates, and tan-
nins and the oxidized, sulfonated, or sulfomethylated derivatives of these
polyphenolic materials may serve as polyphenolic materials.

A fluid loss additive is described that uses graded calcium carbonate
particle sizes and a modified lignosulfonate [10]. Optionally, a thixotropic
polymer, such as a wellan or xanthan gum polymer, is used to keep the
CaCO3 and lignosulfonate in suspension.

It is important that the calcium carbonate particles are distributed across
a wide size range to prevent filtration or fluid loss into the formation. Fur-
thermore, the lignosulfonate must be polymerized to an extent effective to
reduce its water solubility. The modified lignosulfonate is necessary for the
formation of a filter cake essentially at the surface of the wellbore.

Because the filter cake particles do not invade the wellbore due to the
action of the modified lignosulfonate, no high-pressure spike occurs dur-
ing the removal of the filter cake, which would indicate damage of the
formation and wellbore surface. The additive is useful in fracturing fluids,
completion fluids, and workover fluids.

Tests showed that a fluid loss additive on the base of a sulfonated tannic–
phenolic resin is effective for fluid loss control at high temperature and
pressure, and it exhibits a good resistance to salt and acid [35].

5.2.9 Phthalimide as a diverting material
Phthalimide (cf. Fig. 5.2) has been described as a diverting material, or
fluid loss additive, for diverting aqueous treating fluids, including acids,
into progressively less permeable portions of a subterranean formation [36].

The additive also reduces the fluid loss to the formation of an aqueous
or hydrocarbon treating fluid utilized, for example, in fracturing treatments.
The performance of the material depends on the particle size of the mate-
rial.
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Figure 5.2 Phthalimide.

Phthalimide will withstand high formation temperatures and can be
readily removed from the formation by dissolution in the produced flu-
ids or by sublimation at elevated temperatures. The material is compatible
both with other formation permeability reducing materials and formation
permeability increasing materials. The phthalimide particles act by sealing
off portions of a subterranean formation by blocking off the fissures, pores,
channels, and vugs that grant access to the formation from the wellbore
penetrating the formation.

5.2.10 Viscoelastic additives
Reagents that generate the viscoelasticity in the surfactant solutions are
salts, e.g., ammonium chloride, potassium chloride, sodium salicylate, and
sodium isocyanate. In addition, nonionic organic molecules, such as chlo-
roform, are active in generating viscoelasticity. The electrolyte content of
surfactant solutions is also an important parameter for the viscoelasticity
[37]. Aqueous fluids gelled with viscoelastic surfactants (VESs) have been
used for hydraulic fracturing operations.

However, the same property that makes VES fluids less damaging tends
to result in significantly higher fluid leakage into the reservoir matrix,
which reduces the efficiency of the fluid, especially during VES fracturing
treatments. Thus, it is important to use fluid loss agents for VES fracturing
treatments in high-permeability formations [38].

The fluid loss properties of such fluids can be improved by the addi-
tion of mineral oil which has a viscosity greater than 20 mPa s at ambient
temperature. The mineral oil may initially be dispersed as oil droplets in an
internal, discontinuous phase of the fluid. The mineral oil is added to the
fluid after it has been substantially gelled.

In the experiments reproduced below, tallowamidopropylamine oxide
has been used as VES surfactant, which is available from Akzo Nobel [39].
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Figure 5.3 Fluid loss versus time [38].

It has been demonstrated that the viscosity of aqueous fluids containing 3%
KCl and gelled with 6% VES at 66◦C without and with 2% mineral oil is
adversely affected. This behavior is in contrast to other observations, since
larger amounts of hydrocarbons and mineral oils tend to inhibit or break
the gel of VES-gelled fluids [38].

On the other hand, the fluid loss is improved, as shown in model ex-
periments. The fluid loss as a function of testing time is shown in Fig. 5.3.
The test is conducted at 0.7 MPa with 400 mD ceramic discs at 66◦C.

It has been discovered that the addition of magnesium oxide or calcium
hydroxide to an aqueous fluid gelled with a VES improves the fluid loss of
these brines [40].

It is of importance that these fluid loss control agents dissolve slowly,
which permits their easy removal from the formation and completion with
little or no damage to the formation.

The introduction of these additives to a VES-gelled aqueous system will
limit and reduce the amount of VES fluid which leaks off into the pores of
a reservoir during a fracturing or frac packing treatment, thus minimizing
the formation damage that may occur by the VES fluid within the reservoir
pores.

Moreover, the range in reservoir permeability does not significantly
control the rate of fluid loss. Thus, the rate of leakoff in 2,000 mD reser-
voirs will be comparable to the rate of leakoff in 100 mD reservoirs. This



100 Hydraulic Fracturing Chemicals and Fluids Technology

behavior expands the range in reservoir permeability to which the VES
fluid may be applied.

It is believed that the fluid loss agents associate with the VES micelles. As
the VES fluid is leaked off into the reservoir, a viscous layer of micelles and
fluid loss control particles accumulates on the formation face, thus reducing
the rate of VES fluid leakoff.

Particulate plugging of the reservoir pores is not the mechanism of
leakoff control. Tests with nanometer-sized fluid loss agents that definitely
cannot bridge or plug reservoir pores of 1 mD or higher reservoir perme-
ability still develop a viscous micelle layer. Thus, the size of the fluid loss
agent is not a controlling or primary factor for controlling the leakoff rate
[40].

Degradation of fluid loss additives

A fluid loss additive for fracturing fluids, which is a mixture of natural
starch (corn starch) and chemically modified starches (carboxymethyl and
hydroxypropyl derivatives) plus an enzyme, has been described [20,25]. The
enzyme degrades the α-linkage of starch but does not degrade the β-linkage
of guar and modified guar gums when used as a thickener.

The starches can be coated with a surfactant, such as sorbitan mono-
oleate, ethoxylated butanol, or ethoxylated nonyl phenol, to facilitate the
dispersion into the fracturing fluid. Modified starches or blends of modi-
fied and natural starches with a broad particulate size distribution have been
found to maintain the injected fluid within the created fracture more effec-
tively than natural starches [21]. The starches can be degraded by oxidation
or by bacterial attack.
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CHAPTER 6

Emulsifiers
Emulsions play an important role in fluids used for oilfield applications.
These include most importantly drilling and treatment fluids. Actually, in
these fields of applications, the emulsions are not addressed as such, but
rather, e.g., as oil-based drilling muds or water-based drilling muds, which
are essentially emulsions from the point of view of physics. Here we sum-
marize some basic aspects of emulsions.

Oilfield emulsions are sometimes classified based on their degree of ki-
netic stability [1,2] into the following categories:
• loose emulsions: those that will separate within a few minutes (the sep-

arated water is sometimes referred to as the free water),
• medium emulsions: those that will separate in about ten minutes, and
• tight emulsions: those that will separate within hours, days, or even

weeks. Thereafter, the separation may not be complete.
Emulsions are also classified by the size of the droplets in the continuous

phase. When the dispersed droplets are larger than 0.1 µm, the emulsion is
a macroemulsion [2].

From the purely thermodynamic point of view, an emulsion is an unsta-
ble system. This arises because there is a natural tendency for a liquid–liquid
system to separate and reduce its interfacial area and thus its interfacial en-
ergy [1].

A second class of emulsions is known as microemulsion. Such emul-
sions are formed spontaneously when two immiscible phases are brought
together with extremely low interfacial energy. Microemulsions have very
small droplet sizes, less than 10 nm, and are stable from the point of
view of thermodynamics. Microemulsions are fundamentally different from
macroemulsions in their formation and stability. The use of microemusion
systems in the oil industry has been reviewed [3].

6.1 Oil-in-water emulsions

Oil-in-water emulsions have also been proposed for use in fracturing oper-
ations. In order to provide the emulsion with sufficiently high viscosity, the
concentration of the oil phase in these systems must be extremely high, in
the order of 95%. At these high concentrations, a considerable distortion
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of the discrete oil particles from the usual spherical shape occurs. Such sys-
tems are difficult to handle and generally exhibit high friction loss in the
well conduit. Moreover, the emulsions are difficult to stabilize. Additives
such as film strengtheners, inorganic salts, and deliquescent salts have been
proposed for improving the properties of oil-in-water emulsions [4]. These
compositions are more favorable than those previously developed.

Thickening agents which possess surface-active properties can be used
as an emulsifier to promote the oil-in-water emulsion. For example,
poly(vinylcarboxylic acid) neutralized with a long-chain amine and a com-
mon base such as sodium hydroxide is capable of promoting extremely
stable oil-in-water emulsions. The emulsified system exhibits excellent
temperature resistance and therefore can be used in deep, high-temperature
wells [4].

6.2 Invert emulsions

Invert emulsions have a continuous phase that is an oleaginous fluid, and a
discontinuous phase that is a fluid which is at least partially immiscible in
the oleaginous fluid. Actually, invert emulsions are water-in-oil emulsions.

Invert emulsions may have desirable suspension properties for small par-
ticles like drill cuttings. As such, they can easily be weighted if desired. It is
well known that invert emulsions can be reversed to regular emulsions by
changing the pH or by protonating the surfactant. In this way, the affinity
of the surfactant for the continuous and discontinuous phases is changed
[5].

For example, if a residual amount of an invert emulsion remains in a
wellbore, this portion may be reversed to a regular emulsion to clean out
the emulsion from the well bore. Invert emulsion compositions can be used
where the organic phase is gelled. For example, diesel can be gelled with
decanephosphonic acid monoethyl ester and an Fe3+ activator [5].

Polymers are often used to increase the viscosity an aqueous fluid. The
polymer should interact with this fluid as it should show a tendency to
hydrate. Microemulsions may be helpful to achieve this target [6].

6.3 Water-in-water emulsions

When two or more different water-soluble polymers are dissolved together
in an aqueous medium, it is sometimes observed that the system phase
separates into distinct regions. Particularly, this happens when two polymers
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are chosen that are both water-soluble but thermodynamically incompatible
with each other. These emulsions are termed as water-in-water emulsions,
or also aqueous two-phase systems [7].

In the food industry, such fluids are used to create polymer solutions
that mimic the properties of fat globules. In the biomedical industry, such
systems are exploited as separation media for proteins, enzymes, and other
macromolecules that preferentially partition to one polymer phase in the
mixture.

Aqueous two-phase polymer–polymer systems are also of interest in
oilfield applications. These mixtures can be used to create low-viscosity
prehydrated concentrated mixtures to allow the rapid mixing of the poly-
mers at a well site to achieve a low-viscosity polymer fluid.

Solutions of guar and hydroxypropyl cellulose (HPC) form aqueous
phase-separated solutions over a range of polymer concentrations. A phase-
separated mixture can be formed by simultaneously dissolving dry guar and
dry HPC in a blender. After continued stirring the solution is allowed to
rest to achieve phase separation. Afterwards, the phase-separated solution
can be gently stirred to remix the guar-rich and HPC-rich phases. The
two-phase polymer solution can be activated to become an elastic gel by
thermal treatment, or by changing the ionic strength [7]. This behavior can
be used for zone isolation.

6.4 Oil-in-water-in-oil emulsions

Oil-in-water-in-oil emulsions can be used as a drive fluid for enhanced
oil recovery operations or as a lubrication fluid. Such emulsions exhibit
improved shear stability and shear thinning characteristics in comparison to
water-in-oil emulsions.

An oil-in-water-in-oil emulsion is prepared from an oil-in-water emul-
sion that is subsequently dispersed in a second oil [8]. The second oil may
contain a stabilizer, i.e., micron- to submicron-sized solid particles, naph-
thenic acids, and asphaltenes.

6.5 Microemulsions

A microemulsion is a thermodynamically stable fluid. It is different from ki-
netically stable emulsions which will be break into oil and water over time.
The particle size of microemulsions ranges from about 10 to 300 nm. Be-
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Table 6.1 Microemulsion with corrosion inhibitor [9].
Component Amount/[%]
Toluene 2
Oleic imidazoline (corrosion inhibitor) 4
Oleic acid (corrosion inhibitor) 4
Dodecyl benzene sulfonic acid 2
Ethanolamine 2
Butyl alcohol 20
Water 66

cause of the small particle sizes, microemulsions appear as clear or translu-
cent solutions.

The particle sizes of microemulsions may be identified by dynamic light
scattering or neutron scattering. Microemulsions have ultralow interfacial
tension between the water phase and the oil phase.

Water-in-oil microemulsions have been used to deliver water-soluble
oilfield chemicals into subterranean rock formations. Also known are oil-
in-alcohol microemulsions containing corrosion inhibitors in antifreeze
compositions [9].

Microemulsions can be used to deliver a wide variety of oil-soluble
oilfield chemicals, including corrosion inhibitors, asphaltene inhibitors and
scale inhibitors. Thereby the amount of organic solvent needed is reduced.
The microemulsion increases the dispersibility of oilfield chemicals into
the produced fluids or pumped fluids. In this way, the performance of the
particular chemical is increased [9].

Microemulsions may be broken by a variety of mechanisms, such as by
chemicals or by temperature changes. However, the most simple way of
breaking is by dilution.

An example of a microemulsion that caries a corrosion inhibitor is listed
in Table 6.1. The formulation in Table 6.1 can be easily diluted to the
water phase. If the amount of toluene is increased in favor of water, a
microemulsion is obtained that can be diluted by a hydrocarbon solvent.
Still other examples are given elsewhere [9].

6.6 Solids-stabilized emulsion

Emulsions can be stabilized using undissolved solid particles, which are par-
tially oleophilic [10]. Three-phase emulsions that are stabilized with solids
have been reviewed [11]. Further, the phenomenon of oil loss due to en-
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trainment in emulsion sludge layers has been assessed. A semiempirical
approach has been suggested for estimating the loss of oil.

The solid particles may be either indigenous to the formation or ob-
tained from outside the formation. Nonformation solid particles include
clays, quartz, feldspar, gypsum, coal dust, asphaltenes, and polymers. Prefer-
ably, however, the particles contain small amounts of an ionic compound.
Typically, the particles exhibit some composite irregular shape [10].

The solid particles should have either some oleophilic character for
making an oil-external emulsion or some hydrophilic character for mak-
ing a water-external emulsion. This property is important for ensuring that
the particles can be wetted by the external continuous phase that holds the
internal, discontinuous phase.

The oleophilic or hydrophilic character may be an inherent character-
istic of the solid particles or be acquired by a chemical treatment of the
particles.

For example, oleophilic fumed silicas, e.g., Aerosil R972 or CAB-O-
SIL, consist of small spheres of fumed silica that have been treated with
organosilanes or organosilazanes to make the surfaces oleophilic. These are
effective solids for stabilizing many crude oil emulsions. Such particles are
extremely small, having primary particles consisting of spheres with diam-
eters as small as about 10–20 nm, although the primary particles interact
to form larger aggregates. These silicas are effective at concentrations of
0.5–20 g l−1.

Fig. 6.1 shows the viscosity of an emulsion with solid particles at a shear
rate of 75 s−1 as a function of the water content.

The oil in the emulsion can be pretreated with a sulfonating agent prior
to emulsification, in order to enhance its ability to make a solids-stabilized
water-in-oil emulsion [12]. A specific procedure for the sulfonation of both
the solids and the oil has been disclosed [12].

Preparation 6–1. The crude oil and the solid particles are cosulfonated.
Twelve grams of crude oil and solids comprised of 0.06 g of 2-methylbenzyl
tallow intercalated monomorillonite and 0.12 g of asphalt are stirred at
50◦C for 72 hours. Subsequently, concentrated sulfuric acid is added at
three parts per 100 parts of oil at 50◦C during 24 hours. �

In a variant of Preparation 6–1, the sulfonated crude oil can be com-
bined with a maleic acid-grafted copolymer from ethylene and propylene
[13].
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Figure 6.1 Viscosity viz. water content [12].

Table 6.2 Effect of various methods of pretreatment of crude oil [13].

Method Saturated Unsaturated NSOa Asphaltene

Compounds/[%]

Untreated crude oil 35.4 39.8 15.4 9.4

Dye-sensitized
photo-chemically
treated

34.2 26.6 26.6 12.7

Photochemically
treated

31.1 20.5 30.7 17.9

Thermally air-oxidized 34.2 19.3 33.6 13.0

Biologically oxidized 32.4 39.8 18.4 9.4
a Polycondensed aromatic benzene units with oxygen, nitrogen, and sulfur (NSO-compounds).

In addition, instead of sulfonation, a photochemical treatment of the
oil has been examined [13]. Hereby, a bentonite clay gel is mixed with the
crude oil before photochemical treatment. In a dye-sensitized photochem-
ical treatment process, the crude oil is first mixed with Rhodamine-B.
Rhodamine-B is a red dye that increases the quantum efficiency of the
photochemical conversion of oil into oxidized products. In Table 6.2, the
differences in change of the compositions of a crude oil by various methods
of pretreatment is shown.
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6.7 Biotreated emulsion

Another pretreatment method to enhance the stability of a water-in-oil
emulsion consists of biotreating the oil prior to emulsification. Water-in-
oil emulsions made from a biotreated oil exhibit enhanced stability. Oil
degrading microbes are used in the biotreatment process [13].

Preparation 6–2. For the biotreatment of oil, the oil is placed into a
bioreactor. Water in a 10–100-fold excess should be present in the reac-
tor. Oil degrading microbes, e.g., inoculum, are then added to the reactor.
Inoculum is a culture of microbes. The concentration of microbes in the
inoculum can be measured by counting colony forming units. The oil de-
grading microbes can be obtained from an oil waste water treatment facility.

Nutrients can be provided to feed the microbes. The nutrients will
preferably contain nitrogen and phosphorus. The bioreactor is purged with
air or oxygen, at a temperature of 20–70◦C.

After the biotreatment step, the biotreated oil can be separated from the
aqueous phase of the bioreaction prior to forming a water-in-oil emulsion
with the biotreated oil. However, it is preferred to form an emulsion using
both the biotreated oil and the aqueous phase of the bioreaction, as the
aqueous phase contains components that will further enhance the stability
of the resulting water-in-oil emulsion. �

It is believed that the biotreatment step enhances the stability of a water-
in-oil emulsion according to the following mechanisms [13]:
• Some of the aliphatic components of oil are oxidized and polar ke-

tones or acid functionalities are introduced on the aliphatic chain.
Organosulfur compounds are also susceptible to oxidization and can
form corresponding sulfoxides. The oxygenated compounds are more
surface-active than the aliphatic components themselves and thus con-
tribute to improving the stability of the water-in-oil emulsion.

• If naphthenic acids are present as salts of divalent cations like calcium,
biooxidation is likely to convert these salts to decarboxylated naphthenic
hydrocarbons or lower-carbon number naphthenic acids and the corre-
sponding metal oxide. These constituents serve to enhance the stability
of the water-in-oil emulsion.

• In the process of biotreating an oil, the aqueous phase of the bioreaction
also undergoes substantial changes. Upon completion of the bioreaction,
the aqueous phase is a dispersion of biosurfactants, e.g., rhammanolipids
produced by the microbes and dead microbe cells. These components
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act synergistically to enhance the stability of water-in-oil emulsions. The
aqueous phase of the bioreaction may therefore be used to make the
water-in-oil emulsion, and serve to further enhance the stability of the
resulting emulsion.
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CHAPTER 7

Demulsifiers
The class of demulsifiers may be required in certain systems to transform
the viscous emulsion to a demulsified, low-viscosity state for promoting
well cleanup [1]. However, in some systems, it may prove satisfactory to
merely degrade the polymer. An emulsion without the polymer may have
sufficient mobility to permit rapid well cleanup.

Emulsion fracturing fluids get their high viscosity from the dispersion
of a major proportion of an oil-internal phase in a minor proportion of an
external aqueous phase. The emulsion must be stabilized by a surfactant. To
reduce the viscosity of the emulsion to permit easy removal of the fracturing
fluid it is necessary to break the emulsion into a water-in-oil invert or into
its component phases.

The emulsion is usually broken by eliminating the stabilizing effect of
the surfactant. This is normally accomplished either by adsorption of sur-
factant on the formation walls or by the addition of a demulsifying agent.
Usually, only cationic surfactants are susceptible to adsorption onto forma-
tion materials because of their affinity for sand surfaces. If, on the other
hand, a demulsifier is used, the demulsifier and surfactant must be care-
fully matched so that the emulsion begins to break only after fracturing is
completed. Even with suitably matched demulsifiers and surfactants, it is
not easy to accurately time the breaking of the emulsion, and there is al-
ways the danger that demulsification will either take place prematurely or
be delayed for an unacceptably long period of time [2].

Although a good fracturing fluid, a polymer emulsion is especially dif-
ficult to remove from the formation because both the polymer and the
emulsion significantly contribute to the high viscosity of the fluid. Con-
sequently, mechanisms are needed to reduce the viscosity contribution of
both. The polymer emulsion is usually made to convert to a low-viscosity
fluid by a combined demulsification and polymer degradation system. The
breaker system must permit completion of the fracturing treatment before
acting and must then act quick enough to minimize recovery time. Re-
lated problems with the polymer, such as degradation residues and ionic
sensitivity, may also occur when a polymer emulsion is used.

Hydraulic Fracturing Chemicals and Fluids Technology
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7.1 Basic action of demulsifiers

7.1.1 Desired properties
Demulsifiers for crude oil emulsions should meet the following properties:
• rapid breakdown into water and oil with minimal amounts of residual

water,
• good shelf life, and
• quick preparation.

7.1.2 Mechanisms of demulsification
Stabilization of water-in-oil emulsions
The stabilization of water-in-oil emulsions happens as a result of the in-
terfacial layers, which mainly consist of colloids present in the crude oil-
asphaltenes and resins. By adding demulsifiers, the emulsion breaks up.
With water-soluble demulsifiers, the emulsion stabilizers originally in the
system will be displaced from the interface. In addition, a change in wet-
ting by the formation of inactive complexes may occur. Conversely, using
oil soluble demulsifiers, the mechanism, in addition to the displacement of
crude colloids, is based on neutralizing the stabilization effect by additional
emulsion breakers and the breakup resulting from interface eruptions [3].

Interfacial tension relaxation
The effectiveness of a crude oil demulsifier is correlated with the lowering
of the shear viscosity and the dynamic tension gradient of the oil–water
interface. The interfacial tension (IFT) relaxation occurs faster with an
effective demulsifier [4]. Short relaxation times imply that IFT gradients
at slow film thinning are suppressed. Electron spin resonance experiments
with labeled demulsifiers indicate that the demulsifiers form reverse mi-
cellelike clusters in the bulk oil [5]. The slow unclustering of the demulsifier
at the interface appears to be the rate determining step in the tension re-
laxation process.

7.2 Chemicals

Demulsifiers in fracturing fluids are typically used in 0.1–0.5% (v/v) within
a fracturing fluid [6]. Examples of classes of demulsifier chemicals that are
commonly used are shown in Table 7.1.

Further, certain chemicals are known to enhance the performance of
demulsifiers. Various demulsifier enhancers include alcohols, aromatics,
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Table 7.1 Classes of demulsifiers [6].
Class
Alkyl sulfates and sulfonates
Alkyl phosphonates
Alkyl quaternary amines and amine oxides
Oxyalkylated polyalkylene poly(amine)s
Fatty acid polyalkyl aromatic ammonium chloride
Poly(alkylene glycol)s and ethers
Poly(acrylate)s and acrylamides
Alkyl phenol resins
Oligoamine alkoxylates
Alkoxylated carboxylic acid esters
Ethoxylated alcohols
Organic and inorganic aluminum salts
Copolymers of acrylates–surfactants
Copolymers of acrylates–resins
Copolymers of acrylates–alkyl aromatic amines
Copolymers of carboxylics–polyols
Copolymers or terpolymers of alkoxylates with vinyl compounds
Condensates of monoamine or oligoamine alkoxylates
Dicarboxylic acids and alkylene oxide block copolymers

alkanolamines, carboxylic acids, amino carboxylic acids, bisulfites, hydrox-
ides, sulfates, phosphates, polyols, and mixtures thereof [6].

Alkyl ether organic acid esters or polyols may be included in treatment
fluids used in hydrocarbon production to provide a demulsifying and de-
foaming action on foams and emulsions in the producing formation [7,8].
The action of the compositions is time- and temperature-dependent and
therefore their action can be controlled in situ. Special compositions have
been described that contain demulsifier chemicals [9,10].

7.3 Chelating agents

Biodegradable and nontoxic chelating agent compositions can perform
multiple beneficial functions in an aqueous fracturing fluid through the
chelation of ions. Some of the multiple functions include:
• demulsifier,
• demulsifier enhancer,
• scale inhibitor,
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Table 7.2 Chelating agents [6].
Compound
Sodium polyaspartate
Sodium iminodisuccinate
Disodium hydroxyethyleneiminodiacetate
Sodium gluconate
Sodium glucoheptonate
Sugar alcohols
Monosaccharides
Disaccharides

• crosslink delay agent,
• crosslinked gel stabilizer, and
• enzyme breaker stabilizer.

Suitable chelating agents that are used in such compositions are shown
in Table 7.2.

References
[1] R.F. Crowell, Formation fracturing method, US Patent 4 442 897, assigned to Standard

Oil Company, Chicago, IL, April 17, 1984.
[2] J.W. Graham, C. Gruesbeck, W.M. Salathiel, Method of fracturing subterranean forma-

tions using oil-in-water emulsions, US Patent 3 977 472, assigned to Exxon Production
Research Company, Houston, TX, August 31, 1976.

[3] M. Kotsaridou-Nagel, B. Kragert, Demulsifying water-in-oil-emulsions through
chemical addition (Spaltungsmechanismus von Wasser-in-Erdöl-Emulsionen bei
Chemikalienzusatz), Erdöl Erdgas Kohle 112 (2) (February 1996) 72–75.

[4] D. Tambe, J. Paulis, M.M. Sharma, Factors controlling the stability of colloid-stabilized
emulsions: Pt. 4: evaluating the effectiveness of demulsifiers, Journal of Colloid and
Interface Science 171 (2) (May 1995) 463–469.

[5] S. Mukherjee, A.P. Kushnick, Effect of demulsifiers on interfacial properties governing
crude oil demulsification, in: Proceedings Volume, Annu. Aiche Mtg., New York,
11/15–20/87, 1987.

[6] J.B. Crews, Biodegradable chelant compositions for fracturing fluid, US Patent
7 078 370, assigned to Baker Hughes Incorporated, Houston, TX, July 18, 2006.

[7] T.T. Leshchyshyn, P.W. Beaton, T.M. Coolen, Hydrocarbon-based fracturing fluid
compositions, methods of preparation and methods of use, US Patent 8 211 834, as-
signed to Calfrac Well Services Ltd., Alberta, CA, July 3, 2012.

[8] W.J. Giffin, Compositions and processes for fracturing subterranean formations, US
Patent 8 293 687, assigned to Titan Global Oil Services Inc., Bloomfield Hills, MI,
October 23, 2012.

[9] J.B. Crews, Fracturing fluids for delayed flow back operations, US Patent 7 256 160,
assigned to Baker Hughes Incorporated, Houston, TX, August 14, 2007.



Demulsifiers 117

[10] D.H. Manz, T. Mahmood, H.A. Khanam, Oil and gas well fracturing (frac) water
treatment process, US Patent Application 20050 098 504, assigned to Davnor Water
Treatment Technologies Ltd., Calgary, CA, May 2005.



CHAPTER 8

Clay stabilization
Problems caused by shales in petroleum activities occur frequently. At the
beginning of the 1950s, many soil mechanics experts were interested in
the swelling of clays. It is important to maintain wellbore stability during
drilling as well as during fracturing, especially in water-sensitive shale and
clay formations.

The rocks within these types of formations absorb the fluid used in frac-
turing. This absorption causes the rock to swell and may lead to a wellbore
collapse. The swelling of clays and the problems that may arise from these
phenomena have been reviewed in the literature [1–6]. Various additives
for clay stabilization are shown in Table 8.1.

8.1 Properties of clays

Clay minerals are generally crystalline in nature. The structure of the clay
crystals determines its properties. Typically, clays have a flaky, mica-type

Table 8.1 Types of clay stabilizers.
Additive type References
Polymer latices [7]
Copolymers of anionic and cationic monomers
Dimethyl diallyl ammonium chloride [8,9]
Hydroxyaldehydes or hydroxyketones [10]
Polyols and alkaline salt [11]
Quaternary ammonium compounds
In situ crosslinking of epoxide resins [12,13]
Quaternary ammonium carboxylatesBD,LT [14]
Quaternized trihydroxyalkyl amineLT [15]
Poly(vinyl alcohol), potassium silicate, and potassium carbonate [16]
Copolymer of styrene and substituted maleic anhydride (MA) [17]
Potassium salt of carboxymethyl cellulose [18]
Water-soluble polymers with sulfosuccinate derivative-based sur-
factants, zwitterionic surfactantsBD,LT

[19,20]

BD Biodegradable.
LT Low toxicity.
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structure. Clay flakes are made up of a number of crystal platelets stacked
face to face. Each platelet is called a unit layer, and the surfaces of the
unit layer are called basal surfaces. A unit layer is composed of multiple
sheets. One sheet type is called the octahedral sheet. It is composed of either
aluminum or magnesium atoms octahedrally coordinated with the oxygen
atoms of hydroxyl groups. Another sheet type is called the tetrahedral sheet.
The tetrahedral sheet consists of silicon atoms tetrahedrally coordinated
with oxygen atoms. Sheets within a unit layer link together by sharing
oxygen atoms.

When this linking occurs between one octahedral and one tetrahedral
sheet, one basal surface consists of exposed oxygen atoms while the other
basal surface has exposed hydroxyl groups. It is also quite common for two
tetrahedral sheets to bond with one octahedral sheet by sharing oxygen
atoms. The resulting structure, known as the Hoffmann structure, has an
octahedral sheet that is sandwiched between the two tetrahedral sheets [21].
As a result, both basal surfaces in a Hoffmann structure are composed of
exposed oxygen atoms.

The unit layers stack together face-to-face and are held in place by weak
attractive forces. The distance between corresponding planes in adjacent
unit layers is called the c-spacing. A clay crystal structure with a unit layer
consisting of three sheets typically has a c-spacing of about 9.5×10−7 mm.

In clay mineral crystals, atoms having different valences commonly will
be positioned within the sheets of the structure to create a negative potential
at the crystal surface. In that case, a cation is adsorbed on the surface. These
adsorbed cations are called exchangeable cations, because they may chem-
ically trade places with other cations when the clay crystal is suspended in
water. In addition, ions may also be adsorbed on the clay crystal edges and
exchange with other ions in the water.

The type of substitutions occurring within the clay crystal structure and
the exchangeable cations adsorbed on the crystal surface greatly affect the
clay swelling. Clay swelling is a phenomenon in which water molecules
surround a clay crystal structure and position themselves to increase the
structure’s c-spacing, thus resulting in an increase in volume.

8.1.1 Swelling of clays
In clay mineral crystals, atoms with different valences will be commonly
positioned within the sheets of the structure to create a negative potential
at the crystal surface. In that case, a cation is adsorbed on the surface. These
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adsorbed cations are called exchangeable cations because they may chemi-
cally trade places with other cations when the clay crystal is suspended in
water. In addition, ions may also be adsorbed on the clay crystal edges and
exchange with other ions in the water [22].

The type of substitutions occurring within the clay crystal structure and
the exchangeable cations adsorbed on the crystal surface greatly affect the
clay swelling. Clay swelling is a phenomenon in which water molecules
surround a clay crystal structure and position themselves to increase the
structure’s c-spacing, thus resulting in an increase in volume. The following
two types of swelling may occur [22].

Surface hydration, in which water molecules are adsorbed on crystal
surfaces, is one type of swelling. Hydrogen bonding holds a layer of water
molecules to the oxygen atoms exposed on the crystal surfaces. Subsequent
layers of water molecules align to form a quasicrystalline structure between
unit layers which results in an increased c-spacing. All types of clays swell
in this manner.

Osmotic swelling is a second type of swelling. Where the concentra-
tion of cations between unit layers in a clay mineral is higher than the
cation concentration in the surrounding water, water is osmotically drawn
between the unit layers and the c-spacing is increased. Osmotic swelling
results in larger overall volume increases than surface hydration. How-
ever, only a few clays, like sodium montmorillonite, swell in this manner
[22].

Clays are naturally occurring layered minerals which are formed by
weathering and decomposition of igneous rocks. Details of clay mineral-
ogy can be found in monographs [23,24]. Each layer is comprised of fused
sheets of octahedra of Al3+, Mg2+, or Fe3+ oxides and sheets of tetrahedra
of Si4+ oxides [25]. If a clay mineral is constituted from one tetrahedral
and one octahedral sheet, it is addressed as a 1:1 clay. If a clay contains two
tetrahedral sheets sandwiching one central octahedral sheet, it is called a 2:1
clay.

Octahedral and tetrahedral layers are illustrated in Fig. 8.1. The metal
atoms in the clay lattice can be substituted appropriately which results in an
overall negative charge on individual clay layers.

This charge is compensated for by cations located in the interlayer re-
gion. The latter cations can be freely exchanged. The cation exchange
capacity of clay minerals depends on the crystal size, pH, and the type of
the cation. These cations may not only be small-sized ions, but may be
even polycations [26].
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Figure 8.1 Octahedral and tetrahedral layers in clays [24, p. 9].

Figure 8.2 Exchange of sodium cations against poly(amine) cations [26].

Studies on the adsorption of a polycationic quaternary amine polymer
on clays have been presented. In charge scale, it can be observed that both
the adsorption curve of the quaternary amine polymer and that corre-
sponding to the released sodium are superimposed, as shown in Fig. 8.2.
The replacement of the counterions by the amine polymer almost fol-
lows a 1:1 relationship for low polymer concentrations. Further, the silicate
surfaces of the tetrahedral sheets of clay minerals are comparatively hy-
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drophobic. This property may allow the intercalation of neutral organic
compounds including polymers.

Smectite clays are of the type 2:1 and frequently occur [27]. Sodium-
saturated smectite swells macroscopically. This swelling causes the instability
of shales in oil well operations. In the worst case, the wellbore may collapse
due to clay swelling.

Exchangeable cations found in clay minerals are reported to have a sig-
nificant impact on the amount of swelling that takes place. The exchange-
able cations compete with water molecules for the available reactive sites in
the clay structure. Generally, cations with high valences are more strongly
adsorbed than those with low valences. Thus, clays with low-valence ex-
changeable cations will swell more than clays whose exchangeable cations
have high valences.

Minimizing clay swelling is an important field of research. In order to
reduce the extent of clay swelling effectively, the mechanism of swelling
needs to be understood. Based on this knowledge, efficient swelling in-
hibitors may be developed.

Suitable clay swelling inhibitors must both significantly reduce the hy-
dration of the clay and meet the increasingly stringent environmental guide-
lines.

Swelling takes place in a discrete fashion, namely, in the stepwise for-
mation of integer-layer hydrates. The transitions of the distances of the lay-
ers are thermodynamically analogous to phase transitions. Electro-osmotic
swelling can occur only in clay minerals that contain exchangeable cations
in the interlayer region. This type of swelling may yield significantly larger
expansion than crystalline swelling.

Sodium-saturated smectites have a strong tendency towards electro-
osmotic swelling. In contrast, potassium-saturated smectites do not swell
in such a manner. Thus allowing an appropriate ion exchange reaction can
be helpful in clay stabilization [27].

The water desorption isotherms of montmorillonite intercalated with
exchangeable cations of the alkali metal group showed that for larger
cations, less water is adsorbed [28]. In addition, there is a relationship
with the tendency to swell and the energy of hydration of the cation [29].
Gumbo clay is notorious for its swelling [30].

8.1.2 Montmorillonite
Montmorillonite clays, for example bentonite and kaolinite clays, are also
suitable for preparing a solids-stabilized oil-in-water emulsion. Bentonite
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clay can be easily exfoliated [31]. As mined, bentonite clays naturally consist
of aggregates of particles that can be dispersed in water and broken up by
shearing into units having average particle sizes of 2 µm or less. However,
each of these particles is a laminated unit containing approximately 100
layers of fundamental silicate layers of 1 nm thickness bonded together by
inclusions of atoms such as calcium in the layers.

By exchanging the atoms such as calcium by sodium or lithium, which
are larger and have strong attractions for water molecules in fresh water, and
then exposing the bentonite to fresh water, the bentonite can be broken
into individual 1 nm thick layers, called fundamental particles. The result
of this delamination process is a gel consisting of a finely divided bentonite
clay [31].

8.1.3 Guidelines
The literature offers several papers that may serve as guidelines for issues
such as selecting a proper clay stabilizing system or completing wellbore
stability analysis of practical well designs [32–37].

8.2 Mechanisms causing instability

Shale stability is an important problem faced during various wellbore oper-
ations. Stability problems are attributed most often to the swelling of shales.
It has been shown that several mechanisms can be involved [38,39]. These
can be pore pressure diffusion, plasticity, anisotropy, capillary effects, os-
mosis, and physicochemical alterations. Most importantly, three processes
contributing to the instability of shales have to be considered [40]:
1. movement of fluid between the wellbore and shale (limited to flow

from the wellbore into the shale),
2. changes in stress and strain that occur during shale–filtrate interaction,

and
3. softening and erosion caused by invasion of mud filtrate and consequent

chemical changes in the shale.
The major reason for these effects is the chemical nature, namely, the

hydration of clays. Borehole instabilities were observed even with the most
inhibitive fluids, i.e., oil-based drilling muds. This demonstrates that the
mechanical aspect is also important. In fact, the coupling of both chemical
and mechanical mechanisms has to be considered. For this reason, it is still
difficult to predict the behavior of rock at medium-to-great depth under
certain loading conditions.



Clay stabilization 125

The stability of shales is governed by a complicated relationship be-
tween transport processes in shales (e.g., hydraulic flow, osmosis, diffusion
of ions, pressure) and chemical changes (e.g., ion exchange, alteration of
water content, swelling pressure).

Clays or shales have the ability to absorb water, thus causing the in-
stability of wells either because of the swelling of some mineral species or
because the supporting pressure is suppressed by modification of the pore
pressure. The response of a shale to a water-based fluid depends on its initial
water activity and on the composition of the fluid.

The behavior of shales can be classified into either deformation mecha-
nisms or transport mechanisms [41]. Optimization of mud salinity, density,
and filter cake properties is an important issue.

8.2.1 Kinetics of swelling of clays
Basic studies on the kinetics of swelling have been performed [42]. Pure
clays (montmorillonite, illite, and kaolinite) with polymeric inhibitors were
investigated, and phenomenologic kinetic laws were established.

8.2.2 Hydrational stress
Stresses caused by chemical forces, such as hydration stress, can have a
considerable influence on the stability of a wellbore [43]. When the to-
tal pressure and the chemical potential of water increase, water is absorbed
into the clay platelets.

This results either in the platelets moving farther apart (swelling) if they
are free to move or in generation of hydrational stress if swelling is con-
strained [44]. Hydrational stress results in an increase in pore pressure and a
subsequent reduction in effective mud support, which leads to a less stable
wellbore condition.

8.2.3 Borehole stability model
A borehole stability model has been developed that takes into account both
the mechanical and the chemical aspects of interactions between drilling
fluid and shale [45]. Chemically induced stress alteration based on the ther-
modynamics of differences in water molar-free energies of the drilling fluid
and shale is combined with mechanically induced stress. Based on this
model, it should be possible to obtain the optimal mud weight and salt
concentration for drilling fluids.
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Further stability models based on surface area, equilibrium water
content–pressure relationships, and electric double-layer theory can suc-
cessfully characterize borehole stability problems [46]. The application of
surface area, swelling pressure, and water requirements of solids can be inte-
grated into swelling models and mud process control approaches to improve
the design of water-based drilling mud in active or older shales.

8.2.4 Shale inhibition with water-based muds
One potential mechanism by which polymers may stabilize shales is by
reducing the rate of water invasion into the shale. The control of water
invasion is not the only mechanism involved in shale stabilization [47].
There is also an effect of the polymer additive. Osmotic phenomena are
responsible for water transport rates through shales.

8.2.5 Inhibiting reactive argillaceous formations
Argillaceous formations are very reactive in the presence of water. Such
formations can be stabilized by bringing them in contact with a polymer
solution with hydrophilic and hydrophobic links [48–51]. The hydrophilic
portion consists of poly(oxyethylene), with hydrophobic end groups based
on isocyanates. The polymer is capable of inhibiting the swelling or disper-
sion of the argillaceous rock resulting from its adsorptive and hydrophobic
capacities.

8.2.6 Formation damage by fluids
Formation damage due to invasion by drilling fluids is a well-known prob-
lem in drilling. Invasion of drilling fluids into the formation is caused by
the differential pressure of the hydrostatic column which is generally greater
than the formation pressure, especially in low-pressure or depleted zones
[52].

Invasion is also caused by openings in the rock and the ability of fluids to
move through the rock. When drilling depleted sands under overbalanced
conditions, the mud will penetrate progressively into the formation unless
there is an effective flow barrier present at the wellbore wall.

8.3 Swelling inhibitors

Inhibitors of swelling act in a chemical manner rather than in a mechanical
manner. They change the ionic strength and the transport behavior of the
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fluids into the clays. Both the cations and the anions are important for the
efficiency of the inhibition of swelling of clays [53].

8.3.1 Salts
Swelling can be inhibited by the addition of KCl. Relatively high levels
are required. Other swelling inhibitors include uncharged polymers and
poly(electrolyte)s [27].

8.3.2 Quaternary ammonium salts
Choline salts are effective antiswelling drilling fluid additives for underbal-
anced drilling operations [54].

Choline is addressed as a quaternary ammonium salt containing the
N,N,N ′′-trimethylethanolammonium cation. An example of a choline
halide counterion salt is choline chloride.

Preparation 8–1. Triethanol amine methyl chloride can be prepared by
adding to triethanol amine in aqueous solution methyl chloride in excess
and heating for several hours. Upon completion of the reaction, the excess
of methyl chloride is evaporated.

Choline formate is prepared from an aqueous solution of choline hy-
droxide by the reaction with formic acid simply by stirring. �

Argillaceous formations contain clay particles. If a water-based drilling
fluid is used in such formations, ion exchange, hydration, etc., will take
place. These reactions cause swelling, crumbling, or dispersion of the clay
particles. Ultimately, washout and even complete collapse of the borehole
may occur [55].

Certain additives may prevent these unfavorable reactions. These addi-
tives are essentially quaternized polymers. Such polymers have been shown
in laboratory testing to vastly reduce shale erosion. Quaternized polymers
can synthesized by [55]:
1. quaternization of an AA-based amine derivative with an alkyl halide

and subsequent polymerization, or
2. first polymerization and afterwards quaternization of the polymeric

moieties.

Preparation 8–2. A quaternized monomer can be prepared by mixing
dimethyl amino ethyl methacrylate with hexadecyl bromide. The mixture
is heated to 43◦C and stirred for 24 h. Then, the mixture is poured into
petroleum ether, whereby the quaternized monomer precipitates [55]. The
reaction is shown in Fig. 8.3. �
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Figure 8.3 Quaternization reaction of dimethyl amino ethyl methacrylate with hexade-
cyl bromide.

Figure 8.4 Water-soluble radical initiator.

A copolymer can be prepared using the quaternized monomer de-
scribed above and the dimethyl amino ethyl methacrylate as such. The
aqueous solution is neutralized with sulfuric acid and radically polymerized
with 2,2′-azobis(2-amidinopropane)dihydrochloride (cf. Fig. 8.4). This ini-
tiator is water-soluble. The polymerization is carried out at 43◦C for 18 h
[55].

The quaternization of a polymer from dimethyl amino ethyl methacry-
late has been described. To an aqueous solution of a homopolymer from
dimethyl amino ethyl methacrylate sodium hydrochloride is added to ad-
just the pH to 8.9. Then again some water is added, hexadecyl bromide as
alkylation agent, and benzylcetyldimethyl ammonium bromide as emulsi-
fier. This mixture is then heated, with stirring, to 60◦C for 24 h [55].
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8.3.3 Potassium formate
Clay is stabilized in drilling and treatment operations by the addition of
potassium formate to the drilling fluid. Further, a cationic formation con-
trol additive is added. Potassium formate can be generated in situ from
potassium hydroxide and formic acid. The cationic additive is basically a
polymer containing quaternized amine units, e.g., polymers of dimethyl
diallyl ammonium chloride or acrylamide (AAm) [56].

In the clay pack flow test, where the higher volumes at a given time
indicate better clay stability, the addition of a small amount of potassium
formate increases the volume throughput for a given polymer concentra-
tion. For example, 0.1% poly(dimethyl diallyl ammonium chloride) added
to the formulation had a volume at 10 min of 112 ml.

The same polymer, when combined with potassium formate and treated
at 0.05% of the polymer, i.e., half the original polymer concentration, had
a volume of 146 ml, indicating better clay stability and a possible synergistic
effect from the addition of the potassium formate [56].

8.3.4 Saccharide derivatives
A fluid additive that acts as a clay stabilizer is the reaction product of methyl
glucoside and alkylene oxides such as ethylene oxide (EO), propylene oxide
(PO), or 1,2-butylene oxide. Such an additive is soluble in water at ambient
conditions, but becomes insoluble at elevated temperatures [57]. Because of
their insolubility at elevated temperatures, these compounds concentrate at
important surfaces such as the drill bit cutting surface, the borehole surface,
and the surfaces of the drilled cuttings.

8.3.5 Sulfonated asphalt
Asphalt is a solid, black-brown to black bitumen fraction, which softens
when heated and rehardens upon cooling. Asphalt is not water-soluble and
difficult to disperse or emulsify in water.

Sulfonated asphalt can be obtained by reacting asphalt with sulfuric acid
and sulfur trioxide. By neutralization with alkali hydroxides, such as NaOH
or NH3, sulfonate salts are formed. Only a limited portion of the sulfonated
product can be extracted with hot water. However, the fraction thus ob-
tained, which is water-soluble, is crucial for the quality.

Sulfonated asphalt is commonly utilized for water-based and oil-based
drilling fluids [58]. The mechanism of action of sulfonated asphalt as a
clay inhibitor is thought to be that the electronegative sulfonated macro-
molecules attach to the electropositive ends of the clay platelets. Thereby,
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a neutralization barrier is created, which suppresses the absorption of water
into the clay.

In addition, because the sulfonated asphalt is partially lipophilic, and
therefore water-repellent, the water influx into the clay is restricted by
purely physical principles. As mentioned already, the solubility in water of
the sulfonated asphalt is crucial for proper application. By the introduction
of a water-soluble and an anionic polymer component, the proportion of
water-insoluble asphalt can be markedly reduced.

In other words, the proportion of the water-soluble fraction is increased
by introducing the polymer component. Especially suitable are lignosul-
fonates, as well as sulfonated phenol, ketone, naphthalene, acetone, and
amino plasticizing resins [58].

8.3.6 Grafted copolymers
The clay stabilization of copolymers of styrene and MA grafted with
poly(ethylene glycol) (PEG) have been investigated [59].

The amounts of shale recovery from bottle rolling tests have been used
to measure the shale inhibition properties. The tests were done using Ox-
ford Clay cuttings, a water-sensitive shale, sieved to 2–4 mm. The swelling
is performed in 7.6% aqueous KCl.

The grafted copolymer used is an alternating copolymer of styrene and
MA. The polymer is grafted with PEG with different molecular weight.
The amount of shale recovery with various PEG types is shown in Ta-
ble 8.2.

It seems that there is an optimum with respect to the molecular weight
of the grafted PEG. Further, the results in the lower part of Table 8.2
indicate that increasing the amount of styrene in the backbone increases
also the amount of shale recovered.

8.3.7 Poly(oxyalkylene amine)s
One method to reduce the swelling of a clay is to add salts to the fluids. Salts
generally reduce the swelling of clays. However, salts flocculate the clays,
resulting in both high fluid losses and an almost complete loss of thixotropy.
Further, increasing the salinity often decreases the functional characteristics
of drilling fluid additives [22].

Another method for controlling clay swelling is to use organic shale
inhibitor molecules in drilling fluids. It is believed that the organic shale
inhibitor molecules are adsorbed on the surfaces of clays with the added
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Table 8.2 Amount of shale recovery [59].
Sample KCl/[%] Shale recovery/[%]
KCl only 7.6 25
PEG 7.6 38
SMAC MPEG 200 7.6 54
SMAC MPEG 300 7.6 87
SMAC MPEG 400 7.6 85
SMAC MPEG 500 7.6 72
SMAC MPEG 600 7.6 69
SMAC MPEG 750 7.6 70
SMAC MPEG 1100 7.6 66
SMAC MPEG 1500 7.6 49

KCl only 12.9 27
PEG 12.9 53
SMAC MPEG 500 12.9 85
SMAC 2:1 MPEG 500 12.9 95
SMAC Styrene and MA copolymer.
SMAC 2:1 Styrene and MA copolymer, two styrene units for every MA.
MPEG Poly(ethylene glycol) monomethyl ethers, the number refers to the molecular weight.

organic shale inhibitor competing with water molecules for clay reactive
sites and thus serve to reduce clay swelling.

Poly(oxyalkylene amine)s are a general class of compounds that contain
primary amino groups attached to a poly(ether) backbone. They are also
addressed as poly(ether amine)s. They are available in a variety of molecular
weights, ranging up to 5 kDa.

Poly(oxyalkylenediamine)s have been proposed as shale inhibitors.
These are synthesized from the ring opening polymerization of oxirane
compounds in the presence of amino compounds. Such compounds have
been synthesized by reacting Jeffamine with two equivalents of EO. Al-
ternatively, PO is reacted with an oxyalkyldiamine [22]. The poly(ether)
backbone is based on EO, PO, or a mixture of these oxirane compounds
[22].

A typical poly(ether amine) is shown in Fig. 8.5. Such products belong
to the Jeffamine product family. A related shale hydration inhibition agent
is based on an N-alkylated 2,2′-diaminoethylether.

8.3.8 Anionic polymers
Anionic polymers may be active as the long chain with negative ions at-
tached to the positive sites on the clay particles or to the hydrated clay
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Figure 8.5 Poly(ether amine) [30].

surface through hydrogen bonding [60]. Surface hydration is reduced as
the polymer coats the surface of the clay.

The protective coating also seals, or restricts, the surface fractures or
pores, thereby reducing or preventing the capillary movement of filtrate
into the shale. This stabilizing process is supplemented by PAC. Potassium
chloride enhances the rate of polymer absorption onto the clay.

8.3.9 Amine salts of maleic imide
Compositions containing amine salts of imides of MA polymers are use-
ful for clay stabilization. These types of salts are formed, for example, by
the reaction of MA with a diamine such as dimethyl aminopropylamine in
ethylene glycol (EG) solution [61]. The primary nitrogen dimethyl amino-
propylamine forms the imide bond.

In addition, it may add to the double bond of MA. Further, the EG may
add to the double bond, but may also condense with the anhydride itself.
On repetition of these reactions, oligomeric compounds may be formed.
The elementary reactions are shown in Fig. 8.6.

Finally, the product is neutralized with acetic acid or methanesulfonic
acid to a pH of 4. The performance was tested in Bandera sandstone. The
material neutralized with methanesulfonic acid is somewhat less than that
neutralized with acetic acid. The compositions are particularly suitable for
water-based hydraulic fracturing fluids.

8.3.10 Guanidyl copolymer
The clay swelling and the migration of fine particles can be reduced by the
addition of a guanidyl copolymer [62]. The guanidyl copolymer is the con-
densation product of an amino base, formaldehyde, an alkylenepolyamine,
and the ammonium salt of an inorganic or organic acid. The basic pro-
cedure for the preparation has been reported [63] and is summarized in
8–3.
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Figure 8.6 Start of condensation with ethylene glycol (top) and formation of amine
salts of imides (bottom) [61].

Preparation 8–3. Diethylenetriamine is heated to 55–60◦C with stir-
ring, followed by the addition of ammonium chloride. Then the mixture
is heated to 95–100◦C. Then diethylene glycol is added. Further, dicyandi-
amide is added. The reactor temperature is gradually increased up to 195◦C
and afterwards cooled by a specific protocol [63]. �
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Table 8.3 Monomers for guanidyl copolymers [62].
Amine reactant Carbonyl reactant Amine reactant
Dicyanodiamine Formaldehyde Aminoethylpiperizine
Guanamine Paraformaldehyde Ethylenediamine
Guanidine Urea Diethylenetriamine
Melamine Thiourea Triethylenetetramine
Cyanamine Glyoxal Propylenediamine
Guanylurea Acetaldehyde Tributylenetetramine
Guanylthiourea Propionaldehyde Tetrabutylenepentamine
Alkyl guanidine Butyraldehyde Dipentylenetriamine
Aryl guanidine Glutaraldehyde Tripentylenetetramine

Acetone Pentylenediamine

Variations of the monomers are shown in Table 8.3. The guanidyl
copolymer has preferably an average molecular weight of 1–20 kDa.

The combination of the guanidyl copolymer and a cationic friction re-
ducer allows for significant reductions in the amount of friction reducer
employed. For example, the guanidyl copolymer allows for a reduction of
30–70% in the total dosage of the friction reducer added to the fractur-
ing fluid [62]. Thus it can lead to significant cost savings over traditional
compositions.

8.3.11 Special clay stabilizers
Advances in clay bearing formation treatment have led to the development
of numerous clay stabilizing treatments and additives. Most additives used
are high-molecular weight cationic organic polymers. However, it has been
shown that these stabilizers are less effective in low-permeability formations
[64].

The use of salts, such as potassium chloride and sodium chloride, as
temporary clay stabilizers during oil well drilling, completion, and servic-
ing, has been practiced for many years. Because of the bulk and potential
environmental hazards associated with the salts, many operators have looked
for alternatives.

Recent research has shown a relationship between physical properties
of various cations (e.g., K+, Na+) and their efficiency as temporary clay
stabilizers. These properties were used to synthesize an organic cation (Ta-
ble 8.4) with a higher efficiency as a clay stabilizer.

The additives provide additional benefits when used in conjunction
with acidizing and fracturing treatments, since a lower salt concentration
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Table 8.4 Special clay stabilizers.
Compound References
Ammonium chloride
Potassium chloridea [65]
Dimethyl diallyl ammonium saltb [66]
N-Alkyl pyridinium halides
N,N,N-Trialkylphenylammonium halides
N,N-Dialkylmorpholinium halidesc [14,67]
Reaction product of a homopolymer of MA and an alkyl diamined [68]
Tetramethylammonium chloride and methyl chloride
Quaternary salt of ethylene-ammonia condensation polymerd [69]
Quaternary ammonium compoundse [70]
a Added to a gel concentrate with a diesel base.
b Minimum 0.05% to prevent swelling of clays.
c Alkyl equals methyl, ethyl, propyl, and butyl.
d Synergistically retards water absorption by the clay formation.
e Hydroxyl-substituted alkyl radials.

can be used [71,72]. The liquid product has been proved to be much easier
to handle and transport. It is environmentally compatible and biodegradable
in its diluted form.
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